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Abstract
A tertiary gas injection process denotes the mobilization of waterflood residual oil by 
gas invasion; whereas, secondary gas injection denotes the displacement of a continuous oil 
phase by gas. The term up-dip gas injection implies that the gas is injected in the crest of the 
structure in order to displace fluid down-dip where it can be recovered in a production well; 
whereas, an attic oil recovery process usually implies a cyclic injection/recovery process using 
a single well. The objective o f this study is to develop a technique for modelling relative 
permeability in a tertiary gas injection process occurring in a high permeability, strongly water- 
wet sandstone reservoir for which gravity effects may be significant.
The relative permeability modelling technique was developed based on the following: 
(1) published two-phase relative permeability data measured by conventional techniques, (2) 
published oil relative permeability data derived from in-situ saturation measurements, and (3) 
agreement between the predictions of a linear numerical simulator and the production observed 
during a previous laboratory study at LSU. The numerical modelling study indicated that the 
production behavior observed during the laboratory study can be accurately predicted using a 
simple power-law relationship between relative permeability and saturation.
By incorporating the new relative permeability modelling procedure into a simple 
streamtube model, a simplified approach for screening tertiary gas injection candidates was 
developed. To illustrate its application, this simplified approach was applied to one of the fault 
blocks involved in the West Hackberry Tertiary Project. Based on the predictions of the 
screening model, the degree of stratification exhibited by a reservoir plays a major role in the 
efficiency of a tertiary gas injection process.
XI
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Chapter 1
Introduction
Currently, U. S. producers are faced with economically unfavorable conditions such as 
competition from less mature areas, low oil prices, and increasing environmental regulations 
which lead to higher operating costs. With current technology, more than half o f the oil 
discovered is being left in the ground. Technological improvements, which increase the 
recovery of bypassed oil, would help the aging domestic oil industry to maximize production 
from previously developed reservoirs. Without significant advances to improve recovery, the 
domestic oil and gas industry will continue to decline.
Oil can be bypassed on both a macroscopic and microscopic scale. Oil is bypassed on 
a macroscopic scale when regions of the reservoir remain unswept due to well placement or 
reservoir heterogeneity. Oil is bypassed on a microscopic scale when it becomes immobile 
within the porous medium due to capillary and wettability effects. Oil bypassed in this manner 
is referred to as residual oil and can be recovered with any process which creates conditions 
under which the mobility of the oil is restored. An emerging technology which targets the oil 
remaining after natural water influx or waterflooding is the tertiary injection of gas. The term 
tertiary refers to the recovery of oil remaining after completion of a secondary recovery 
process such as waterflooding. In this body of work, it implies that the original oil column has 
been invaded by water and that the remaining oil is discontinuous. A process in which gas 
displaces mobile water and re-establishes the hydraulic continuity of the oil is referred to in 
this study as tertiary gas injection. This is in contrast to secondary gas injection which 
involves the displacement of a continuous oil phase by gas.
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Another term which is often used to refer to a tertiary gas injection process is the 
phrase Double Displacement Process. The term Double Displacement Process (DDP) was 









(1988) defined DDP as the 
displacement o f a water-invaded oil 
column by gas.
The double displacement 
process is illustrated in Figure 1.1 by a
series of drawings assuming a dipping 
reservoir. In Figure l.l ,  attic oil is 
present prior to gas injection. The 
term attic refers to oil remaining 
above the production well highest on- 
structure. Gas is injected into the up- 
dip portion of the reservoir to drive the 
current water-oil contact back to its 
original (pre-production) level. Gas 
acts to mobilize the oil trapped due to 
capillary effects in the water invaded 
zone. In a steeply dipping reservoir, 
the density differences among the gas, 
oil, and water tend to aid the drainage
Figure 1.1: Cross-sectional schematic of reservoir 
process. As shown by Figure 1.1(c), under going DDP. (a) original fluid profile, (b) water
invades portion of oil column, (c) sometime after gas
the oil may accumulate between the injection initiated.
ZOOM




GRAVITY DRAINAGE of OIL - 
due to density differences
AIR & TRAPPED OIL 









• WATER & TRAPPED OIL 
( S „  = 26%)
- -  OriginalWater- 
Oil Contact
(c)
R eproduced  with perm ission of the copyright owner. Further reproduction prohibited without perm ission.
gas (up-dip) and water-invaded oil zone (down-dip). The oil bank grows as oil drains down- 
dip within the gas-invaded zone as long as the rate at which the flood front advances does not 
exceed the rate at which the oil drains behind it. The oil bank can be produced once it reaches 
a down-dip production well. In the case illustrated in Figure 1.1, both secondary (attic oil) and 
tertiary (residual oil collected during displacement) reserves are recovered. If the current-oil 
water contact depicted in Figure 1.1 were located at the unconformity, then all of the oil 
recovered in this process would qualify as tertiary reserves. This study will concentrate on the 
second instance wherein no attic oil is present.
A key parameter in the economic success of any enhanced oil recovery (EOR) process 
is the oil production rate as a function of time from the start of gas injection. A long delay 
between the initial injection and the initial production response and a low oil production rate 
will both adversely affect the economic viability of the process. Even though numerous 
laboratory studies have proven that oil can be efficiently displaced in this type of process and 
limited implementation in the field has shown that these efficiencies can be achieved on a 
reservoir-scale, the economic viability of this process has not yet been determined. If the 
double displacement process is initiated in a dipping bed, the sweep efficiency should be 
maximized if the gas is injected slowly enough that the gas-fluid interface remains stable and 
approximately horizontal. Gravity segregation o f the oil and gas behind the front will tend to 
drive the oil down-dip and the gas up-dip behind the advancing gas front. A key parameter in 
conventional modelling of the drainage rate of oil in any process is the relative permeability to 
oil as a function o f fluid saturation.
Currently, Amoco, in partnership with the U. S. Department of Energy, is conducting a 
field test of the Double Displacement Process in a portion of the West Hackberry Field in 
Cameron Parish, Louisiana. Although this is not the first time the DDP has been implemented
R eproduced  with perm ission of the copyright owner. Further reproduction prohibited without perm ission.
on a field-wide level, this is the first instance o f using air as the injection fluid in the DDP. In 
theory, the use of air should improve the economics of the process by both reducing the 
operating costs and accelerating recovery of the oil. Operating costs are reduced since air is 
less expensive and more accessible than other gases such as carbon dioxide and natural gas. In 
addition, Amoco expects that the recovery process will be accelerated by in-situ combustion of 
the air in the presence of hydrocarbons at high temperature and pressure. Although the past 
DDP projects have been technical successes since significant volumes of tertiary oil were 
recovered, the projects have been less successful economically due to delayed oil recovery. 
Amoco hopes to demonstrate that the DDP can be both a technical and economic success if air 
is used as the injection fluid. To make a distinction between the DDP combined with in-situ- 
combustion (as for the West Hackberry Tertiary Project) and the DDP without thermal effects, 
I will refer to the DDP at West Hackberry as the ff'est Hackberry Process. To make a 
distinction between DDP with and without attic oil, the process will be referred to as tertiary 
gas injection in the absence of attic oil.
As part of a technology transfer agreement among Amoco, the U. S. Department of 
Energy (DOE), and Louisiana State University (LSU), independent research on the tertiary 
recovery of oil by up-dip gas injection is currently being conducted at LSU. In 1995, a 
physical linear modelling study of the process was conducted at elevated temperature and 
pressure in both unconsolidated and consolidated vertically-oriented porous media with West 
Hackberry crude oil representing the oil phase (Lepski, 1995). The study conducted by Lepski 
(1995) showed that residual oil remaining after a waterflood can be re-mobilized by up-dip gas 
injection. These results were confirmed by additional experiments conducted the following 
year by Lepski (1996).
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The objective of the current study is to develop a method for estimating the relative 
permeability to oil for use in modelling of a double displacement process in a high 
permeability, strongly water-wet sandstone reservoir. The proposed method is intended to aid 
in screening reservoir candidates for suitability for a tertiary gas injection or double 
displacement process. To investigate mechanisms involved in the tertiary recovery of oil by up- 
dip gas injection, the published literature was surveyed for laboratory and field studies 
investigating the displacement of waterflood residual oil by gas and for information related to 
gravity drainage and surface forces among fluids. To develop a method for modelling the oil 
relative permeability for a tertiary gas injection process, the literature was also surveyed for 
existing three-phase relative permeability models and correlations. A goal of the proposed 
relative permeability modelling procedure was development of a function which could be 
easily implemented in any of the available commercial reservoir simulators.
The review of literature revealed a group of both theoretical and laboratory studies 
investigating the pore-level mechanisms involved in both horizontal and vertical tertiary gas 
injection processes and another group of both theoretical and laboratory studies investigating 
the relative permeability to oil during a vertical tertiary gas injection process. Based on the 
results reported in these studies, a simple power-law relationship relating the relative 
permeability o f oil to the oil saturation was chosen as the basis for the relative permeability 
modelling technique proposed in this body of work. A one-dimensional, numerical model 
which included the effects of gravity and capillarity was then developed to test the proposed 
relative permeability modelling technique. The relative permeability modelling technique was 
evaluated based on the predictions of the numerical model as compared to the sand pack and 
coreflood data collected previously by the LSU-Amoco Technology Transfer Project Research 
Team (Lepski, 1995).
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Once the relative permeability modelling procedure had been tested and verified using 
the available experimental data, a simplified approach for applying the relative permeability 
model was developed. This simplified approach can be used to estimate the oil rates which 
could be achieved during up-dip gas injection into a water-invaded, anisotropic, stratified 
reservoir. To illustrate its application, this simplified approach has been applied to one of the 
fault blocks involved in the West Hackberry Tertiary Project. This simplified approach 
assumes a gravity-stable gas injection process which is steady-state at reservoir conditions. 
This approach neither considers the gas solubility into the oil phase nor the resulting changes 
in oil properties. It also does not account for the stripping of the lighter components of the oil 
phase into the gas phase. Also neglected in this simplified approach are the effects of in-situ 
combustion which may occur if air is the injected fluid.
These limitations are considered to be acceptable in view of the unusual difficulty in 
accurately describing the reservoir heterogeneity, the effects of which are generally thought to 
be much more important. By performing a sensitivity study on those parameters which are 
believed to be beneficially affected by gas solubility and in-situ combustion (if applicable), the 
beneficial effects of these factors on oil recovery may be bracketed. The other simplifying 
assumptions (gravity-stable, steady-state, no stripping) will tend to provide the most optimistic 
estimate of oil recovery. Since this approach would tend to predict an upper limit on the oil 
recovery which could be expected for a given reservoir lacking any unidentified heterogeneity 
beneficial to the process, the techniques presented could be applied as a tool for screening 
candidates for tertiary oil recovery by up-dip gas injection.
The following body of work includes (I) a chronological summary of previously 
published field and laboratory studies which pertain directly to the mobilization of residual oil 
by gas injection, (2) a discussion of the efficiency of oil recovery by gas injection based on
R eproduced  with perm ission of the copyright owner. Further reproduction prohibited without perm ission.
both field and laboratory observations, (3) a discussion of interfacial forces and the 
mechanisms involved in the displacement of residual oil, (4) a summary of the currently 
available relative permeability correlations and models, (5) a discussion of the development of 
the proposed relative permeability modelling technique for the tertiary up-dip gas injection 
process, (6) a discussion of the implications of the proposed relative permeability modelling 
technique on oil recovery, and (7) a statement of the conclusions drawn from this study and 
recommendations for future work.
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Chapter 2
Review of Literature
The tertiary recovery of oil by up-dip gas injection is a process in which all three 
phases (gas, oil, and water) occupy the pore space within the reservoir rock. The interactions 
among the fluids, their spatial distribution within the pore space, and the relative mobility of 
each phase are a  function of surface forces among the rock and fluids and the viscous forces 
among the fluids. The relative flow of each phase is a function of the relative mobility of each 
phase and the relative potential gradients which exist within the reservoir system. If the fluid 
flow vector has a component in the vertical direction, the vertical component of the potential 
gradient will differ among the phases by the capillary pressure gradient and the gravity gradient 
due to density differences between any two fluids. Therefore, to understand the process by 
which tertiary oil may be recovered by up-dip gas injection, each of these aspects must be 
considered. Therefore, the literature has been surveyed for studies of tertiary gas injection, 
gravity drainage, and three-phase capillary pressure. A chronological summary of studies 
investigating each of these topics is presented in this chapter.
Studies of Tertiary Gas Injection
Mobilization of waterflood residual oil by immiscible, gas injection into a vertical or 
dipping system is a topic which has been receiving a significant amount of attention in recent 
years. In an effort to better understand the displacement and recovery mechanisms involved in 
this process, copious studies which focus specifically on this tertiary gravity drainage process 
have been conducted on a laboratory scale. A few studies have also been conducted on a 
reservoir scale. Each of these laboratory and field studies have yielded encouraging results.
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Fidds Tests
The phrase Double Displacement Process (DDP) was coined by Carlson (1988) who 
defined the process as the displacement of a water-invaded oil column by gas in his paper 
discussing the Hawkins Field Unit. Several cases of gas injection for the purpose of gravity 
drainage exist in the literature. For the purpose of this study, this review has concentrated on 
those projects which fit the definition of DDP given previously. Carlson (1988) discussed the 
design considerations and operational strategy for implementation of the Double Displacement 
Process in a portion o f the East Fault Block of the Hawkins Field Unit. Evaluations of the 
injection rate and the oil and water drainage rates using simplified hand calculations, computer 
simulations, and past field performance were discussed.
Also during 1988, Johnston (1988) reported on the progress of the Weeks Island Pilot 
which was initiated October 1978. At Weeks Island, a slug of a carbon dioxide-natural gas 
mixture was injected up-dip to displace the remaining oil column down-dip through the water- 
invaded portion of the original oil column as water was simultaneously produced down-dip. 
Johnston (1988) reviewed the reservoir description and pilot history and also discussed the 
production responses observed and the results of the numerical modelling studies conducted for 
the pilot area.
In 1994, the Hawkins DDP Project is revisited by Langenberg et. al. (1994) who 
documented the first six years o f the Hawkins DDP project initiated in 1987. The authors 
indicated that the observed oil production was slower than anticipated, and discussed the 
outcome of studies performed to investigate the reasons for the slower oil drainage. 
Langenberg et. al. (1994) also described the improved response due to optimization of 
operations and proposed expansion plans for the project to other fault blocks.
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Laboratory Studies
Several studies investigating various aspects of tertiary gas injection have been 
published in recent years. These studies include both macroscopic scale investigations of 
production characteristics conducted in sandstone cores and microscopic scale investigations of 
pore-level displacement characteristics conducted in columns of glass beads and glass micro­
models.
The series of papers presented by Kantzas et. al. (1988) and Chatzis et. al.(1988) were 
among the first articles published in recent years which revisited the gravity drainage process. 
These researchers conducted several studies in both consolidated and unconsolidated media 
which showed that mobilization of waterflood residual oil was possible by gas injection. The 
authors also gave one of the earliest descriptions of the mechanisms of capillary displacement 
which are entailed in the mobilization of waterflood residual oil by immiscible gas injection. 
Another series of experiments were conducted in both consolidated porous media and 
unconsolidated porous media in order to investigate the production and recovery characteristics 
of both a tertiary gas injection process and a secondary gas injection process in a vertical, 
strongly water-wet system under various conditions. Kantzas et. al. (1988) suggested that 
gravity forces, interfacial tensions, and film flow are important parameters in the recovery 
efficiency for a tertiary gas injection process.
Naylor and Frorup (1989) also investigated secondary and tertiary gasflooding of 
consolidated sandstone cores. The cores used in this study were vertically-oriented 
consolidated Clashach sandstone cores which were composed of well-sorted, clean, water-wet 
aeolian sandstone and which were about 1.6 inches in diameter and about 2.8 ft in length. The 
cores ranged in porosity from 0.177 to 0.205 and ranged in permeability (to brine) from 900 md 
to 1600 md. Synthetic brine, decane, and nitrogen were used to represent the water, oil, and
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gas phases. Naylor and Frorup (1989) not only investigated the recovery efficiency of the 
process but also investigated the saturation distribution within the core as a function of time 
using in-situ saturation measurements. The authors also developed a technique for calculating 
the relative permeability to oil as a function of oil saturation during the displacement process 
based on the change in oil saturation at a fixed point in the core as a function of time.
Concentrating their efforts on the study of the relative permeability to oil for the 
tertiary gas injection process, Naylor et. al. (1991) presented additional oil relative 
permeability data from additional corefloods. Based upon the relative permeability data 
collected in both studies (1989,1991), the authors evaluated the Corey relative permeability 
model (Corey, 1945) which relates oil relative permeability to the product of a constant 
coefficient and the normalized oil saturation raised to a power. To narrow the possible 
solutions, the authors drew upon the facts that (1) other experimental research (Kantzas et. al., 
1988; Chatzis et. al., 1988) had indicated oil can be transported through film flow during 
tertiary gasfloods and (2) that a theoretical analysis (Foulser et. al., 1990) suggested that the 
Corey Exponent is equal to 3 when in the film flow regime. Assuming that the Corey 
Exponent was equal to 3, the authors solved for the residual oil saturation to gas (which 
appears in the normalized saturation term) for each data point in each experiment. The authors 
stated that the best-fit residual oil saturation represents the final oil saturation after infinite 
time. The best-fit residual oil saturations obtained for the tertiary and secondary gasflood 
experiments were 0.0 and 0.15, respectively. Naylor et. al. (1991) concluded that the relative 
permeability data obtained in their study are consistent with the film drainage model proposed 
in previous studies. The authors further concluded that these results may suggest that the 
residual oil saturation at infinite time is independent of the core properties and flooding 
conditions and that further study is required.
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Hustad and Holt (1992) conducted two corefloods in vertically-oriented consolidated 
cores using live crude oil and natural gas. The cores were composed of Bentheimer sandstone 
and were about 4 ft in length and about 1.5 inches in diameter. The cores exhibited 
permeability of about 2.5 Darcy and porosity of about 0.23. In addition to varying the 
composition o f the injected gas, these researchers also conducted steady-state two- and three- 
phase relative permeability measurements on a third core (2 ft x 1.5 in) and centrifuge capillary 
pressure measurements on small core plugs. Decane, nitrogen, and synthetic brine were used 
to represent oil, gas, and water during the relative permeability and capillary pressure 
measurements. Using a modified version of Stones Method I (Stone, 1970) as the relative 
permeability model for their IMPES, linear, numerical simulation of the corefloods, the authors 
obtained a good match between the predicted production and the production observed during 
their corefloods. Stone’s Method I (Stone, 1970) is a three-phase oil relative permeability 
correlation which requires measured two-phase relative permeability data. To achieve a match 
on production, Hustad and Holt (1992) modified both the correlation itself and the endpoint 
saturations obtained from the two-phase relative permeability data. The modification to Stone’s 
Method I (Stone, 1970) caused the oil relative permeability function to be more linear, 
especially at low oil saturations.
Oren et. al. (1992) presented findings consistent with those reported earlier by Kantzas 
et. al. (1988) regarding the pore-level displacement sequences and mechanisms. Excluding the 
effects of gravity, Oren et. al. (1992) confirmed the findings of Kantzas et. al (1988) regarding 
the importance of continuous oil films and film flow. Oren et. al. (1994) continued the 
previous experimental investigation of the pore-level displacement mechanisms involved in the 
mobilization of waterflood residual oil and expanded the scope of their micro-model studies to 
include the effects of wettabillity and spreading films on recovery. In addition, the authors
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developed a mathematical, percolation-based model which they verified by simulating the 
behavior observed in their pore network micro-models.
Catalan et. al. (1994) expanded on the work of previous investigators and studied the 
effects of wettability and heterogeneity on tertiary oil recovery by up-dip gas injection. The 
study included both single and composite consolidated sandstone cores, two-dimensional, 
rectangular glass packs, and glass micro-models of pore networks. The composite length of the 
cores ranged from 24 cm (9.5 in) to 85 cm (33.5 in), and each had a diameter of 3.8 cm ( 1.5 
in). Five of the seven cores were composed of Berea sandstone which ranged in porosity from 
0.214 to 0.234 and ranged in permeability from 412 md to 1266 md. The remainder of the 
cores were composed of sandstone recovered from the Pembina Cardium Field located in 
Alberta, Canada. The porosity (0.192, 0.206) and permeability (547 md, 1298 md) of these 
cores were comparable to the Berea sandstone cores. The fluids used to represent the water, oil, 
and gas phases were varied and included synthetic brine, Soltrol 170 (refined oil), Pembina 
crude, isobutanol, and nitrogen. This is one of the few studies in which crude rather than 
refined oil was used to represent the oil phase in some of the experiments. The authors 
concluded that recovery by tertiary gravity drainage promises to be very effective even in oil- 
wet media and that heterogeneity on a microscopic scale tends to decrease the recovery 
efficiency of a tertiary gas drainage process.
Lepski (1995) conducted a physical modelling study of the double displacement 
process (tertiary gasflood) using several types of media including a unconsolidated sand pack, 
Berea sandstone cores and a transparent cell. The unconsolidated sand pack was 9.5 ft long and 
about 2.65 inches in diameter. The Berea sandstone cores were about 6 ft long and 2 inches in 
diameter. All of the corefloods were carried out in the vertical position at elevated temperature 
(160°F) and pressure (2000 psig). The corefloods were conducted using various synthetic
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reservoir brines to represent the water phase, crude oil from the West Hackberry Field (Amoco) 
as the oil phase, and nitrogen as the injected gas. Although the synthetic brines had various 
compositions, each exhibited a density o f0.9754 g/cc and a viscosity of 0.4459 cp at 160°F and 
atmospheric pressure. The West Hackberry crude has a density of 0.8401 g/cc (31.5°API) and a 
viscosity of 3.31 cp at 160°F and atmospheric pressure. Nitrogen has a density of 0.125 g/cc 
and a viscosity of 0.0223 cp at the test conditions of 160°F and 2000 psig. Lepski (1995) also 
conducted a pore-level visualization study and observed the formation of and flow through a 
continuous oil film which is consistent with earlier studies (Chatzis et. al.; Kantzas et. al., 
1988; Oren et. al., 1992, 1994).
In 1996, Lepski (1996) continued his laboratory coreflood study to investigate an 
outgrowth of the double displacement process which he termed Second Contact Water 
Displacement (SCWD). The SCWD process involves displacement by water of a tertiary oil 
bank created by gravity drainage after gas injection. It has the advantage of a shorter period of 
non-production and can be applied in a single well reservoir. In this later study, Lepski (1996) 
repeated some of the corefloods conducted in his 1995 study but at a higher temperature 
(205°F).
Studies of Gravity Drainage
According to Hagoort (1980), a gravity drainage process exists if the main driving 
force of flow is due to gravity and gas replaces the voidage volume. Key factors in the gravity 
drainage process are the density difference between the fluids, the degree of bed dip, the 
effective vertical permeability, and the viscosity of the fluids. According to Hagoort (1980), a 
critical factor in the efficiency of a gas-oil gravity drainage is the relative permeability to oil. 
Naylor (1989) stated that an understanding of both relative permeability and the 
thermodynamic behavior o f fluids is needed to economically optimize a gravity-stable
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displacement process. Chatzis et. al. (1988) reported that the efficiency o f the gravity drainage 
process is also dependent upon how the oil spreads over the water in the presence of the gas. A 
later study by Oren et. al. (1992) using two-dimensional glass micro-models supported the 
earlier findings o f Chatzis et. al. (1988). However, studies by Dumoré and Schols (1974) 
tended to contradict this and indicated that the oil spreading characteristics have no effect on 
the final oil saturation within a practical time-frame for the range of permeability typical for 
sandstone.
The first study of gravity drainage was conducted in 1943 using air to displace a 100% 
saturating liquid from a vertical sand-pack of Wilcox sand (Stahl et. al., 1943). The sand-packs 
were 8 ft in length and ranged in diameter from 2 to 4 inches. The porosity measured 0.32 and 
the permeability to gas measured 7500 md. The liquids used in the study included water, 
Wilcox crude, and heptane. Saturation distribution measurements were taken intermittently 
during the drainage process using a series of core plugs along the length o f the sand-pack.
The saturation measurements indicated that the liquid saturation is a function of height 
in the sand-pack, both during the drainage process and at equilibrium conditions. Drainage rate 
and ultimate recovery were found to be a function of temperature. Both the rate of and the 
volume of oil recovered increased as the temperature increased. The effect of intermittent 
drainage was also considered. Stahl et. al. (1943) reported that the effectiveness of the oil 
permeability was enhanced by the redistribution of the oil saturation during the shut-in period.
Lewis (1944) discussed various aspects of the gravity drainage process. Lewis stated 
that the velocity of gas flow and the relative gas-oil saturation determines how the oil will flow 
in response to the gas. A critical gas velocity exists above which gas drive will prevail and 
below which gravity drainage will prevail. Lewis also presented three field studies in which 
the gravity drainage process was important.
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Cardwell and Parsons (1948) presented a theory for estimating the rate of gravity 
drainage of a single liquid from the bottom of a sand column. The theoretical model is derived 
by combining a simplified form of Darcy’s law with the continuity equation and by ignoring 
capillary pressure gradients. Cardwell and Parsons (1948) compared the results from their 
model to those presented earlier by Stahl et. al. (1943) and obtained good agreement. Cardwell 
and Parsons emphasized that their model requires further modification before it can be applied 
in the field where multiple mechanisms influence fluid flow.
Terwilliger et al. (1951) reported the results from a theoretical and experimental 
investigation of a constant pressure, gravity drainage. One of the stated objectives of the study 
was to determine the effect of oil production rate on recovery. Therefore, the experimental 
apparatus was designed to maintain a constant withdrawal rate. The rates studied were 2.6 %, 
40 %, and 226 % of the maximum drainage rate. The maximum drainage rate was defined as 
the maximum rate at which a fluid could be produced under a pressure gradient equal to the 
gravity gradient. Terwilliger et. al. (1951) noted that the gravity drainage rate is sufficient to 
compare performance between systems which have the same relative permeability, capillary 
pressure, and displacing and displaced fluid viscosity characteristics. The experiments were 
conducted in a sand-pack 13 ft in length and 2 inches in diameter. The sand-pack exhibited a 
measured porosity greater than 0.33 and a measured permeability of 2700 md. Brine was used 
as the saturating fluid rather than oil since saturation of brine could be measured by means of 
electrical conductivity without interrupting the drainage process.
Terwilliger et. al. (1951) observed that a stable displacement of the liquid by the gas 
occurred for the lowest rate tested. All points in the saturation profile above a certain liquid 
saturation moved through the column at the same rate. This behavior was not observed at the 
higher rates. The experimental results were compared to an analytical model derived from
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Buckley-Leverett theory. Good agreement was observed between the experimental results and 
the theoretical predictions. Terwilliger et. al. (1951) concluded that the analytical model is 
accurate for a linear, homogeneous, gravity drainage system.
In 1960, Hawthorne (1960) presented a numerical calculation technique to predict the 
position of the fluid interface during a gas-oil displacement in a system where viscous and 
gravitational forces dominate and where fluid flows in a vertical plane. The model applies to a 
homogeneous, porous medium for which the thickness is constant and great enough that the 
capillary transition zone is small in comparison to the total thickness. The theory was 
developed based on a method presented by Dietz (1953). Hawthorne (I960) showed that the 
method developed by Dietz can be used to develop two-dimensional equations which are 
analogous to the one-dimensional Buckley-Leverett equations.
A series of floods conducted in a sand-packed plexi-glass box were conducted with 
various combinations of air, water, and oil. During the floods, the fluid interface position was 
traced. Hawthorne (I960) obtained an excellent match between his model’s predictions and the 
experimental measurements of the fluid interface position for the lower flow rates where 
capillary and mixing effects were not significant.
In 1971, Richardson and Blackwell (1971) presented a simplified mathematical model 
for predicting reservoir behavior when gravity forces dominate. The model presented 
employed Dietz’s method to predict the tilt angle of the fluid interface and the Welge 
procedure to solve the fractional flow equation. The vertical drainage rate is defined using 
Darcy’s Law in which the pressure gradient arises from the density difference between the 
displacing (gas) and displaced (oil) fluid. Capillary effects and the resistance of gas to flow are 
ignored.
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Richardson and Blackwell (1971) noted that the recoveries calculated were quite 
sensitive to the values of relative permeability to oil at very low oil saturations. They also 
noted that the recoveries from this two-dimensional model were more than 15% greater than 
those predicted by the conventional one-dimensional technique. Excellent agreement was 
obtained between the recovery estimated with this simplified model (90 %) and the recovery 
estimated based on field performance (87%) for the Hawkins Field.
Hagoort (1980) derived a gravity drainage recovery model based on the same 
fundamental principles and assumptions used by Cardwell and Parsons (1948). Using a 
slightly different approach, Hagoort derived the same equation governing the rate of gravity 
drainage presented earlier by Cardwell and Parsons (1948). Hagoort took the theory one step 
further and developed a system of equations for predicting oil recovery by gravity drainage 
before and after gas breakthrough for a stable, vertical, downward displacement of oil by gas. 
Studies of Three-phase Capillary Pressure
Although an abundance of studies regarding capillary pressure in a two-phase system 
are present in the literature, only a handful involve the measurement o f capillary pressure in the 
presence of a third phase. Two of the earliest studies were conducted by Hassler, Brunner and 
Deahl (1944) and Hassler and Brunner (1945). In 1974, Dumoré and Schols conducted gravity 
drainage experiments in the presence of connate water. Two recent articles which address this 
issue are presented by Dehghani et. al. (1989) and Kalaydjian (1992). Kalaydjian (1992) 
measured three-phase capillary pressures using the porous plate method. Kalaydjian (1992) 
concludes that three-phase capillary pressures cannot be accurately inferred from two-phase 
data. The results obtained by Dehghani et. al. (1989) support this conclusion.
Hassler, Brunner, and Deahl (1994) provided an extensive discussion of several aspects 
of capillary pressure along with experimentally determined oil capillary pressure in both two-
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and three-phase systems contained in sandstone and dolomite. The experimental apparatus 
and procedure used to obtain these data were explained in a later paper by Hassler and Brunner 
(1945). Hassler and Brunner (1945) presented a method for measuring capillary pressure 
during a gravity drainage process in small core samples. The technique involved spinning the 
sample in a centrifuge at a constant rate and measuring the saturation once equilibrium is 
reached. The acceleration and saturation values are then used to calculate the capillary 
pressure as a function of saturation. Even though this method is limited to a single branch of 
the hysteresis loop and smoothing of the raw data is required prior to calculation of the 
capillary pressures, it is still useful since neither does it require large samples nor does it 
require extensive laboratory work (Hassler and Brunner, 1945).
Dumoré and Schols (1974) investigated drainage capillary functions and the effect of 
an initial water saturation. The experiments were carried out under a high degree of control in 
a vertically-oriented core using the semi-permeable membrane technique credited to Bruce and 
Welge (1947). Dumoré and Schols concluded that the dimensionless capillary pressure 
function credited to Leverett can be used with reasonable accuracy to transform air-mercury 
capillary pressure measurements into capillary pressure curves for reservoir systems. The 
Leverett dimensionless capillary pressure which is commonly referred to as the Leverett J 
Function is defined as the following dimensionless group (Leverett, 1941):
if
  (2 . 1)
In addition, Dumoré and Schols (1974) found that very low residual oil saturations to 
gas can be achieved in the presence of connate water at sufficiently high capillary pressures 
regardless of the spreading behavior of the oil. In other words, Dumoré and Schols (1974) 
observed low oil saturations in the absence of spreading films as well as in the presence of
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spreading films. The authors therefore concluded that the spreading of oil between the water 
and gas was not the principal cause of the low residual oil saturations.
This study also showed that given sufficient drainage time, free gravity drainage can 
also produce very low oil saturations. The authors speculated that the slow rate of drainage, 
which occurs following the short initial period of relatively rapid production, may be controlled 
by flow through films. They estimated that if  film flow were to occur in a typical gas cap (100 
md, 31 ft, 1 cp oil) approximately 100 years would be required to drain the oil. Dumoré and 
Schols (1971) concluded that film drainage is not a significant drainage mechanism unless the 
drainage has occurred over geologic time or unless the drainage occurs over short distances 
through highly permeable rock.
In 1989, Dehghani et. al. (1989) stated that the objective of their study was to test the 
conventional assumption that the three-phase capillary pressure is a function o f the total liquid 
saturation but not the ratio of oil saturation to water saturation in a positive spreading system. 
Dehghani et. al. (1989) performed a series o f two and three phase experiments. The authors 
investigated the distribution of the phases within the Berea Core plugs at various stages in the 
drainage process by solidifying the phases within the core and measuring the saturations with a 
CT scanner. Among the saturation histories which were investigated were a simulated two- 
phase gas-water drainage process and a simulated tertiary gas injection process. The drainage 
experiments were conducted within a centrifuge. Capillary pressures were only measured for 
the two-phase processes using the Hassler and Brunner method. Conclusions were drawn 
regarding the capillary pressure of the three-phase system by comparing the height of a given 
total liquid saturation in the two-phase system to the height of the same total liquid saturation 
in the three-phase system.
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Dehghani et. al. (1989) concluded that the saturation distribution as a function of height 
calculated based on the capillary pressure curves which were determined using the Hassler and 
Brunner method agree well with the saturation distribution determined from the CT scanner. 
The authors also concluded that the saturation distribution as a function of height in the two 
phase system did not correspond to the same total liquid saturation in the three-phase system.
In 1992, Kalaydjian (1992) conducted an experimental study of three-phase capillary 
pressure for both drainage and imbibition on both a core-scale and a pore-scale. The core-scale 
experiments were conducted in both consolidated outcrop sample and an unconsolidated core. 
The pore-scale experiments were conducted in both glass capillary tubes and a network micro­
model. All of the experiments were conducted in water-wet systems under ambient 
conditions.
The results of these experiments were employed to determine the validity of the 
standard assumption that three-phase capillary pressures are related to their two-phase 
counterparts and to investigate the effect of the spreading coefficient. Kalaydjian (1992) 
concluded that three-phase capillary pressure curves depend upon three-phase flow 
mechanisms such as spreading films. Furthermore, they concluded that three-phase capillary 
pressure curves cannot be related to two-phase capillary pressure measurements.
In 1994, Longeron et. al. (1994) presented the results of their experimental and 
numerical study of gas-oil capillary pressure and its effect on gravity drainage in the presence 
of connate water. The laboratory study was conducted using both a Clashach sandstone core 
and a Paliatinate sandstone core and various mixtures of methane and n-heptane which resulted 
in interfacial tension values ranging from 0.63 to 24.1 dyne/cm. Capillary pressures between 
the gas an oil phases were measured using the porous plate method at reservoir conditions both 
with and without connate water. In the numerical study, the authors investigated the sensitivity
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of oil recovery by free gravity drainage in linear section of a fractured reservoir to the capillary 
pressure curve used as input into the model. The section modelled was 1 meter (3.048 ft) in 
length. Only the lowest interfacial tension system was modelled numerically. The numerical 
model consisted of a one-dimensional, two-phase, incompressible system in which gravity, 
capillarity, and viscous forces were considered.
From the experimental portion of the study, the authors concluded that capillary 
pressures can be transformed into one capillary pressure function based on the Young-Laplace 
Equation as long as the interfacial tension is greater than about 3.7 dyne/cm and connate water 
is not present. Below this interfacial tension value, the capillary pressure estimated was 
always greater than the actual capillary pressure. The authors proposed that the deviation of the 
low interfacial tension capillary pressure data from that predicted by the Young-Laplace 
Equation may be due to either a change in the interfacial tension value or a change in the 
contact angle as the gas saturation increases during the drainage process. The authors stated 
that changes in interfacial tension induced by compositional variation would be negligible but 
that a change in the contact angle from 0 degrees at low gas saturations to 45 degrees at high 
gas saturations resulted in a perfect fit of the measured data to the Laplace-Young Equation.
In all cases studied, the presence of connate water tended to increase the capillary 
pressure as compared to the corresponding two-phase gas-oil system. The magnitude of the 
increase appeared to depend on both the interfacial tension value and the gas saturation. The 
authors observed that the increase in capillary pressure was essentially zero for a gas saturation 
less than 20 % and reached a maximum near the residual oil saturation to gas. The authors 
proposed that the increase in magnitude as gas saturation increases and interfacial tension 
decreases may be linked to the spreading coefficient of the system of fluids.
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From the numerical portion of the study, the authors concluded that the predicted oil 
recovery from a free gravity drainage process for a very low interfacial tension value (0.63 
dyne/cm) in the presence of connate water is sensitive to the capillary pressure input into the 
simulator. The capillary pressure curve input into the simulator controlled the predicted 
saturation profile as a function o f time. In the absence of connate water, the measured capillary 
pressure curves yielded a higher oil recovery than the scaled mercury-air capillary pressure 
curves. In the presence of connate water this trend was reversed. In both cases, oil production 
was significantly over-estimated if capillary pressure was neglected.
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Discussion of Oil Displacement Mechanisms
Several pore-level visualization studies (Kantzas et. al., 1988; Oren et. al, 1992; 
Kalaydjian, 1992; Oren and Pinczewski, 1994; Catalan et. al., 1994; Lepski, 1995) have shown 
that capillary forces and the presence or absence of spreading films play a primary role in the 
displacement of waterflood residual oil by gas. Both of these phenomena are the result o f the 
interaction among the surface forces within the fluid-rock system and the physical laws 
dictating that the system must equilibrate at the lowest possible energy state. In fact, a recent 
experimental investigation (Kalaydjian, 1992) of three-phase capillary pressure has shown an 
apparent relationship between the threshold capillary pressure and the degree to which 
spreading occurs.
In order to provide the reader with the necessary background regarding surface forces, 
capillary pressure, and spreading films, the first part of this chapter is devoted to providing 
some basic terminology and concepts. Also included in the discussion of basic surface 
chemistry are the results of energy calculations conducted to gain insight into the tendency for 
oil to spread as a film between the water and gas within a pore body or channel represented as a 
capillary tube. Then the apparent relationship between the capillary threshold pressure and the 
tendency to form spreading films will be introduced. Lastly, the pore-level displacement 
mechanisms and sequences observed for various systems will be discussed.
Basic Surface Chemistry
Forces resulting from capillarity are one of the controlling mechanisms which dictate 
fluid distribution and movement within a porous medium. Capillarity is a result of surface 
forces. Surface forces are due to a difference in the attractive forces acting on molecules which
24
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reside on the surface as compared to the attractive forces acting on molecules which reside in 
the interior o f a liquid or solid substance. These surface forces cause the surface o f a liquid to 
contract to the smallest surface area possible such that the equilibrium energy state is always at 
a minimum. Hence, a soap bubble will form a sphere once it is free of restrictions. The 
surface forces acting on a liquid-vapor surface are quantified in terms of surface tension which 
may be regarded as the free energy of the surface per unit area or the force per unit length. The 
surface forces acting on a liquid-liquid surface are analogous to those acting on a liquid-vapor 
surface but are measured in terms of interfacial tension.
If the interface of a liquid is curved, a pressure difference exists across the interface. 
This pressure difference leads to the phenomena of capillary rise and is referred to as capillary 
pressure. The capillary pressure is a function of the degree of curvature of the interface and its 
interfacial tension. The capillary pressure across a flat interface which has an infinite radius 
of curvature is zero. The shape of the interface is always such that the surface free energy is at 
a minimum for the prevailing conditions.
Surface forces are also present on solid surfaces but are not manifested as a change in 
shape since the movement of molecules along a solid surface is restricted. Surface forces 
occurring in the porous medium control its wetting behavior referred to as wettability. 
Wettability is a term which denotes the affinity of a particular solid for a particular liquid and 
is often defined in terms of contact angle. The contact angle, as the name implies, is the angle 
at which the liquid meets the solid (as measured through the liquid). If the contact angle is 0°, 
the liquid exhibits a strong tendency to spread on the solid and maximize the area of contact. If 
the contact angle is 180®, the liquid exhibits a strong tendency to bead on the solid surface and 
minimize the area of contact. According to Hirasaki (1991), however, a single contact angle is 
not sufficient to describe the wettability of a rock-brine-oil system. To completely describe the
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wettability in this system, a description of the pore structure, mineral composition, and each of 
the numerous contact angles is required. To say the least, this is a very ambitious endeavor.
Kimbler (1962) defines a film as a layer which is composed of a different material than 
the boundary surface of the bulk substance (liquid or solid) on which it is situated and whose 
area and form are strictly dictated by surface forces. If the area and form of the layer are 
dictated not only by surface forces but also by gravitational forces, the layer is defined as a 
lens. The term monomolecular film  or monolayer implies that the film is a single molecule 
thick. The term duplex film  denotes a film for which the energy o f the surface of the film is not 
affected by the energy of the film-bulk substance interface. This condition is satisfied if the 
film is sufficiently thick. According to Kimbler (1962) a film may form by adsorption from a 
vapor, by adsorption from solution, or by spreading on a surface or along an interface. 
Interfacial Spreading Coefficient
Consider two liquids A and B which are immiscible. If some volume of liquid B is 
placed on the surface on liquid A, liquid B will initially form a lens of finite thickness atop 
liquid A as shown in Figure 3.1. Depending upon the properties o f the liquids involved, liquid 
B will either maintain its position in a lens of finite thickness or it will spread upon liquid A 
and form a film. The outcome is strictly a function of the interfacial tensions of each liquid 
involved.
Adamson (1982) and Kimbler (1962) describe a parameter called the spreading 
coefficient which predicts whether or not spreading will occur. The spreading coefficient arises 
mathematically from the development of an expression for the differential change in the total 
surface free energy of a system of fluids. The change in energy is the sum of the products of 
the interfacial tension of each interface and the change in surface area of the interface.




Figure 3.1 : Hypothetical system from which spreading coefficient is derived.
Again consider the situation described earlier regarding liquid A and liquid B. 
Assuming that liquid B is situated as a lens on the surface of liquid A as depicted in Figure 3.1, 
the magnitudes of the change in surface area of each interface in the system (air-liquid A, 
liquid A-liquid B, and air-liquid B) are equal. The change in surface area for both the air-liquid 
B interface and the liquid A-liquid B interface are positive since surface area has been created. 
The change in surface area o f the air-liquid A interface is negative since the surface area has 
been reduced by an amount equal to that created for liquid A. Therefore, the sign of the 
incremental change in surface free energy is solely a function of the relative magnitudes of the 
interfacial tensions in the system. This function has been designated as the spreading 
coefficient of B on A and is defined as follows;
% s a J. = r A - r  B - r A B
(3.1)
Notice that the energy of the system will be reduced as liquid B spreads on liquid A 
when the spreading coefficient is positive. Therefore, spreading will tend to occur 
spontaneously in a positive spreading system. Likewise, a negative spreading coefficient 
implies an increase in the surface free energy of the system and spreading will not tend to 
occur.
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Energy Calculations
In order to better illustrate the mechanisms which cause the double drainage behavior 
observed in the published literature, I analytically evaluated the change in energy of several 
simplified systems containing oil, water, and gas. The systems evaluated included a single 
capillary of uniform diameter and a single capillary of non-uniform diameter.
Single Capillary Modgls
Two single capillary systems were investigated. The first system consisted of a 
capillary of uniform diameter, and the second consisted of a capillary of non-uniform diameter. 
Both models were used to investigate the tendency of the oil to spread between the gas and the 
water. This tendency was evaluated based on the percent change in energy between a state in 
which the oil and gas were isolated from each other and surrounded by water and another state 
in which the water surrounded the oil which surrounded the gas.
Consider a single, strongly water wet capillary o f uniform diameter. Initially, the 
capillary contains a single bubble of gas surrounded completely by water and a single bubble of 
oil surrounded by water. At some later time, the single bubble of gas is encapsulated in the 
bubble of oil and the oil is surrounded by the water as shown in Figure 3.2. The capillary 
representing the initial state of the system is labeled as “ I”, and the capillary representing the 
final state of the system is labeled as “2”. Assuming that the volume of oil and gas is 
conserved and that the surface area of the gas remains constant and that the thickness of the 
water and oil films along the capillary walls are negligible, the surface areas of each interface 
at both the initial condition and the final condition were calculated based on the geometry of 
the system. The interfacial energy of the system at each time was calculated as the sum of the 
products of the surface area and the interfacial tension for each interface. The assumed values 
of interfacial tension which represent a water, Soltrol (refined oil), air system and the resulting
R eproduced  with perm ission of the copyright owner. Further reproduction prohibited without perm ission.
29
spreading coefficients are listed in Table 3.1. These fluids had been used in microscopic studies 
presented by Oren et. al. (1992).
water
Figure 3.2: Schematic o f hypothetical system for single, uniform capillary model.














Pure Water 73.3 23.0 32.6 17.7
Water + Isobutanol 33.1 20.9 20.3 -8.1
Shown in Figure 3.3 is a plot of gas saturation versus percent change in energy for a 
positive spreading system. The lowest oil saturation curve denoted by x-shaped markers on this 
plot corresponds to an oil volume equal to 1% of the capillary volume. The gas volume is 
varied from 1% to 99% of the capillary volume. The remainder of the capillary volume is 
assumed to be occupied by water. Notice that for all saturations the change in energy is 
negative, indicating a decrease in interfacial energy. In other words, less energy is required if 
the oil acts as a barrier between the gas and the water. Also note that the series of curves for 
constant oil saturation collapse into a single curve if the ratio of oil saturation to gas saturation 
is plotted versus percent change of energy.
As one might expect, the percent change in energy approaches zero as the gas 
saturation approaches zero. Note that this analysis shows that as the gas saturation approaches
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unity, energy level of the system approaches a minimum. The maximum reduction of 24.2% is 
numerically equal to the spreading coefficient of the system divided by the water-to-gas 
interfacial tension. That is, the energy level of the system is lowest when a small volume of oil 
is spread in a very thin film to cover a large volume of gas. This result illustrates the 
importance of the spreading coefficient and helps to explain the observations reported in 
published pore-level laboratory studies conducted in micro-models in which the oil spread 
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Figure 3.3: Energy change for uniform single capillary, positive spreading system.
Shown in Figure 3.4 are the results for a negative spreading system with a spreading 
coefficient of -8.1. Notice that the percent change in energy approaches zero as the gas 
saturation approaches zero and that as the gas saturation approaches unity, the percent change 
in energy approaches a maximum. The maximum increase of +24.5% is numerically equal to 
the spreading coefficient of the system divided by the water-to-gas interfacial tension. For a 
negative spreading system in a single uniform capillary, an increase in interfacial energy is 
required at all saturations for oil to spread between the water and gas. This is consistent with
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published laboratory studies conducted in micro-models which reported that a continuous oil 
film between the water and gas is not created in a negative spreading system.
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Figure 3.4: Energy change for uniform single capillary, negative spreading system.
Consider a capillary of non-uniform diameter as shown in Figure 3.5. Just as in the 
uniform diameter single capillary system, the oil and gas phases are initially isolated from one 
another while both are completely surrounded by water. At the final state the gas is isolated 
from the water by the oil, and the oil is surrounded by the water which is in contact with the 
capillary wall everywhere. As before, the thickness of the water and/or oil films existing along 
the capillary walls are neglected. Also, the initial fluid distribution is denoted by system “ 1” 
and the final fluid distribution is denoted by system “2” in Figure 3.5.
In the non-uniform single capillary model, the volume of the capillary with diameter d, 
is initially completely saturated with gas and the volume of the capillary with diameter d] is 
initially completely saturated with oil. Both the ratio of the gas volume to the oil volume and 
the ratio of d, to dz were varied and ranged from 0.01 to 100 and 0.5 to 4.0, respectively. The 
volume of the water film adhering to the capillary walls was neglected.
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water
C ase 1 : Minimal Transfer
water
C ase 2: Maximum Transfer 
Figure 3.5: Schematic of hypothetical system for single, non-uniform capillary modei.
For the final distribution of fluids, two cases were considered. For both cases 
considered, the volume of oil transferred from d; to d, is equal to the volume of gas transferred 
from d; to 6 2  . For the first case, the transfer volume is assumed to equal 1% of the lesser 
volume of fluid. For example, if the oil volume were assumed to be 0.01 cc and the gas 
volume were assumed to be 0.99 cc, then volume of fluid transferred would equal 0.01 x 0.01 
cc = 0.0001 cc. Thus, essentially all of the fluid remains in its respective initial position. Only 
a minimal amount is transferred to allow for the creation of a thin oil film between the water 
and the gas. This case will be referred to as Minimal Transfer and is depicted in the upper 
portion of Figure 3.5
The second case considered allowed a maximum transfer of fluid to occur. The 
transfer volume is assumed to equal 99% of the lesser volume of fluid. This case will be 
referred to as Maximum Transfer and is depicted in the lower portion of Figure 3.5. The model 
was verified by assuming a diameter ratio equal to 1.0 and comparing the results from the non­
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uniform single capillary model to the results from the uniform single capillary model. As 
shown by Figure 3.6, the non-uniform model reduced nicely into the uniform model. As 
before, the energy of the system is always reduced by the same amount in both cases 
considered if the diameter ratio is equal to 1.0.
a d 1 :d 2  = 1.0 
+ Uniform m o d e l.
o -10%
® -2 0 %  r
-25% — 
0.01 10.1 10 100
Sg/So
Figure 3.6: Comparison of results from non-uniform to uniform single capillary model.
The results obtained from the non-uniform single capillary model for a positive 
spreading system show that the gas resists relinquishing its initial position if it occupies the 
larger diameter capillary. For all saturation ratios and all diameter ratios greater than one 
which were considered, the energy of the system is always reduced in the Minimal Transfer 
case. The energy of the system is increased for the Maximum Transfer case. These results are 
illustrated in Figure 3.7 for a diameter ratio equal to 4.0 and for a range of diameter ratios in 
Figure 3.8 and Figure 3.9.
A diameter ratio greater than one implies that the gas initially occupies the larger 
capillary. The gas prefers to reside in the larger capillary since this minimizes its surface area. 
If the gas is transferred to a smaller capillary, the energy level within the system would be 
expected to increase. In the Maximum Transfer case for diameter ratios greater than one.
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essentially all o f the gas present in the larger capillary is transferred to the smaller capillary for 
saturation ratios less than one.
>. 40% 
f  30% o Maximum Transfer 







Figure 3.7: Results from non-uniform single capillary model for diam eter ratio of 4.0.
100
As the volume of gas increases, the increase in energy associated with the greater 
surface area in the smaller tube exceeds the energy savings associated with the oil film between 
the gas and water. For saturation ratios greater than one, the oil volume is the lesser volume 
and controls the transfer volume. As the saturation ratio increases from I to 100, the oil 
volume relative to the gas volume decreases. As a result, the energy increase associated with 
the transfer o f the gas to the smaller capillary is reduced as the transfer volume is reduced. As 
the saturation ratio approaches 100, the energy increase associated with the transfer of gas from 
the larger to the smaller tube becomes negligible. At this point, the reduction in energy level is 
again controlled by the presence of the spreading film.
A diameter ratio less than one implies that the gas initially occupied the smaller 
diameter portion of the capillary. For a diameter ratio less than one, the energy savings are 
amplified in this case since both the increase in diameter and the formation of an oil film 
between the water and gas result in energy savings.
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Figure 3.8: Results from non-uniform single capillary model for minimal transfer case.
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Figure 3.9: Results from non-uniform single capillary model for maximum transfer case.
Just as in the uniform diameter single capillary model, the results from the non- 
uniform diameter single capillary model also appear to converge to the same endpoints for all 
diameter ratios considered. As the volume of gas relative to the volume of oil in the system 
decreases and approaches a minimum of zero, the change in energy for a given system also 
approaches zero. As the volume of gas relative to the volume of oil increases and approaches 
infinity, the change in energy for a given system approaches a value equal in magnitude to the 
spreading coefficient divided by the gas-water interfacial tension.
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Spreading Coefficients for Complex Solutions
The preceding discussion concerned pure liquids and did not consider the effects of 
prolonged contact between the liquids in the system. If the liquids are in prolonged contact, 
each will tend to saturate the other. This mutual saturation will tend to alter the surface tension 
of each liquid. This change in surface tension is the result of the film pressure associated with 
the Gibbs monolayer (Adamson, 1982). In some cases, the interfacial tensions are altered 
sufficiently enough to change the sign of the spreading coefficient.
If  the spreading coefficient of B on A is initially positive and then becomes negative 
once the system has reached equilibrium the following sequence of events is observed 
(Adamson, 1982). Upon coming into contact with liquid A, liquid B will spread rapidly over 
A. As both liquids become mutually saturated, liquid B will withdraw back into a lens. The 
surface o f liquid A is no longer pure but is shrouded by a Gibbs monolayer o f liquid B. 
According to Adamson (1982), the equilibrium state for organic liquids on water seems to be a 
that of a monolayer of the organic liquid on the surface of the water with the remainder of the 
organic liquid situated as a lens.
Kimbler (1962) states that a duplex (thick) film initially spreading on a surface is 
unstable and that the equilibrium state will tend to be a monolayer and a lens. In addition, a 
film which cannot initially spread as a duplex (thick) film may often initially spread as a 
monolayer. For example, the spreading characteristics of hydrocarbons tend to be a function of 
molecular weight. The lighter hydrocarbons often may spread as either a duplex (thick) or 
monomolecular film (monolayer) on water. Whereas, the more intermediate hydrocarbons 
spread on water only as a monolayer while the heavier hydrocarbons (MW > 200) are generally 
non-spreading on water. Furthermore, the final spreading coefficient of an oil on water is 
always negative which implies that no oil will spread over its equilibrium monolayer.
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Measurement of Interfacial Tension
In order to calculate the spreading coefBcient for a particular system of fluids, one must 
know the interfacial tension between each of the possible fluid pairs. Numerous techniques has 
been devised for measuring interfacial tension. The interfacial tension is not measured directly 
but is related to some measurable parameter. Some of the methods relate the interfacial tension 
to a change in weight while others relate it to a change in the s h t^  of the interface. As with all 
experimental techniques, some discrepancies arise due to difBculties when mathematically 
modelling complex phenomena. Thus, some methods are preferred over others for certain 
situations. The pendant drop method is one of the most widely used since it may be applied at 
elevated temperatures and pressures and can be accurate to within a few tenths of a percent
Another technique which is widely used is the ring method. Adamson (1982) states that 
one of the modifications of the Wilhelmy slide method is particularly useful when studying 
surface adsorption or monolayers or any other phenomenon for which a change in interfacial 
tension must be measured. The rotating drop method is especially useful for the measurement of 
extremely low interfacial tensions of the order of 0.001 dyne/cm.
Pendant Drop Method
The interfacial tension is related to the change in shape of a clinging bubble as it 
elongates and evenmally detaches fiom a tip such as a syringe needle. Based on capillary theory, 
an expression for the shape of the interface may be derived as follows:
...............................................
where Ri and R2  denote the radii of curvature defining the interface, b denotes the radius of 
curvature at the apex (i.e., bottom of meniscus), z denotes the distance above the bottom of the 
interface (meniscus), and p is defined as follows:
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^ ^pgb^  .......................................................  (3.2)
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where y denotes interfacial tension, Ap denotes the density difference existing across the interface, 
and g denotes the gravity constant of acceleration, p is positive for a bubble under a plate or a 
meniscus in a axillary while it is negative for a pendant drop or clinging bubble.
Due to the difScuIty of measuring the radius of curvature at the apex (b) which is needed 
to calculate P which is related to interfacial tension by Equation 3.2, several of the terms were 
grouped into a new parameter designated as H which is defined as follows:
=   (3.3)
where de denotes the diameter at the equator of the drop. Thus, Equation 3.2 may be rearranged 
solving for interfacial tension in the following manner:
Y = A E r i  .......................................................  (3.4)
'  H
The parameter H  is related empirically to the measurable parameter S which is defined as 
the ratio of equatorial diameter to the diameter located a distance equal to the equatorial diameter 
firom the bottom of the drop. Using time-lapse photografrfis, these diameters of interest can be 
measured and the parameter 5 can be determined. The empirical relationship between the 
parameters H  and S was developed using pendant drops of water for which the interfacial 
tension was known.
Ring Method
The ring method while not as widely used as the pendant drop method is also commonly 
used. This method relates the force required to detach a loop of wire from the surface of a liquid 
to the value of the interfacial tension. An “ideal” interfacial tension is calculated assuming that 
the detachment force is equal to the product of the interfacial tension and the perimeter of the
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detached ring. The actual interfacial tension is calculated by applying a cœrection factor. 
Although the corection factor was initially develqjed empirically, a theoretical method has since 
been developed to calculate the coiection factor. The correction factor is a function of two 
dimensionless ratios which are the radius of the loop to the radius of the wire and the cube of the 
loop radius to the volume of the meniscus. Values obtained with this method are pecise and 
accurate as long as the contact angle is near zero. If the contact angle deviates too far horn zero, 
the calculated interfacial tension will be low. Adamson (1982) reports that when studying 
monolayers an adjustment based on the increase in area at detachment may be required.
Rotating Drop Method
The rotating drop method is very useful when measuring liquid-liquid interfacial 
tensions, especially when the value is very small (0.(X)ldyne/cm). In this method a drop of the 
less dense liquid is placed into a rotating cylinder filled with the more dense liquid. The less 
dense liquid will form a bubble suspended in the center of the cylinder. As the speed of rotation 
is increased, the naturally spherical bubble will elongate. If the speed is increased further, the 
shape of the bubble ^proaches that of the cylinder. The interfacial tension is determined based 
on the shape which the bubble assumes at a given speed. The relationship is developed based on 
the total energy of the system which is a function of the speed of rotation, the density difference 
between the fluids, the surface area of the interface, and the interfacial tension
Wilhelmv Slide Method
The Wilhelmy slide method developed in 1863 is very simple and highly accurate for a 
zero contact angle. In this method the interfacial tension is related to the change in weight of a 
glass plate supporting a meniscus. In the most widely used form of this method, the glass plate 
and liquid interface are gradually brought into contact by raising the liquid level until it barely
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touches the plate which Is suspended from a balance. The interfacial tension is related to the 
change in weight of the plate by the following expression:
AW
Y COS0 = ..........   (3.5)
where W denotes weight, y denotes interfacial tension, 9 denotes the contact angle, and p denotes 
the perimeter of the plate. Another modification of this method is to partially immerse the 
suspended plate and to calculate the weight of the meniscus. According to Adamson (1982), this 
particular form of the Wilhelmy slide mahod is especially useful when investigating interfacial 
adsorption or monolayers for which the change in interfacial tension is measured.
Threshold Capillary Pressure and the Spreading Coefficient
The capillary pressure is a function of the pore radius, interfacial tension, and the contact 
angle. According to Kalaydjian (1992), tfie contact angle in three-phase flow is strongly 
associated with the spreading coefficient of the system. If tfie spreading coefficient is positive, 
the oil spreads upon the water in the presence of tfie gas and the resulting contact angle is zero 
degrees. In a negative spreading system, the gas-oil interface assumes an equilibrium shape 
governed by the following expression:
cos8 = I-t-—^    (3.6)
Y.*
Since capillary pressure is a function of contact angle, it is also a function of the 
spreading coefficient for a negative spreading system. Based on the results of his experimental 
work, Kalaydjian (1992) proposed the following expression for the drainage capillary pressure 
curve in a three-phase system at irreducible water saturation:
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Pc=PcoiSp) + S'^a where J , = - —    (3.7)
i — ’ m  org
where Sp denotes the spreading coefBcient and PcO denotes the threshold capillary pressure 
above which drainage begins. Notice that the threshold pressure is a function of the spreading 
coefficient As the spreading coefficient becomes more negative, the capillary pressure threshold 
decreases. This trend is consistent with Equation 3.6 and the Leverett Functioit
Kalaydjian (1992) observed that the spreading coefficient not only influences the 
threshold capillary pressure, but it also affects the residual oil saturation and the contact angle for 
both drainage and imbibition processes. For example, consider the drainage experiments which 
are most relevant to the tertiary gas injection process. The residual oil saturation to gas increased 
less than 1 percent fiom 1.0% to 1.3% as the spreading coefficient decreased from 15.7 to -1.1. 
However, the residual saturation increased sharply to 10% when the spreading coefficient was 
decreased to -4.8. The trend slowed again as only a 1.5% increase was observed between a 
spreading coefficient of -4.8 and -90.0. Kalaydjian (1992) also observed that the pressure 
required to drain an oil pocket in a negative system is nearly doubled as compared to a positive 
system. Kalaydjian (1992) suggests that this increased drainage pressure is the reason the 
residual oil saturation increases so dramatically once the spreading coefficient becomes negative.
The drainage experiments also directly verified the expression given previously relating 
the contact angle to the spreading coefficient and the interfacial tension. A comparison of the 
contact angle estimated fiom the measured capillary pressure using the Laplace Equation and the 
contact angle estimated using Equation 3.6 for negative spreading systems showed excellent 
agreement Also, the contact angle proved to be independent of the spreading coefficient and 
nearly equal to zero for the positive sheading systems.
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Pore-Level Visualization Studies
The apparent relationship between the threshold c^illary pressure and the spreading 
coefBcient is consistent with the observations of numerous investigators who conducted pore 
network and transparent cell micro-modelling studies (Kantzas et. al., 1988; Oren et. al, 1992; 
Kalaydjian, 1992; Oren and Pinczewski, 1994; Catalan et. al., 1994; Lepski, 1995) in recent 
years. Each of these laboratory micro-model studies showed a marked decrease in the recovery 
efBciency of oil for a negative spreading system of fluids as compared to a positive spreading 
system of fluids displaced under the same conditions. The evidence suggests that oil drainage 
through the spreading films is beneficial to the process both by reestablishing hydraulic 
conductivity and by decreasing the threshold capillary pressure required to displace the oil 
through a pore throat
Kantzas et. al. (1988) conducted pore-level visualization studies in a two-dimensional, 
vertically oriented pore network model consisting of etched glass plates fused together in a muffle 
furnace. The saturation history of the network was established by flooding the initially water- 
saturated network with kerosene until the irreducible water saturation was reached. Next, water 
displaced the kerosene to residual oil saturation by either ftee imbibition or a constant, low rate 
injection at low capillary number. After the model was (xiented vertically, air was injected by 
lowering a water-filled leveling bottle in increments of 1 cm. The system was allowed to reach 
capillary equilibrium between successive changes in the bottle’s position. The tertiary gravity 
drainage process was recorded photographically. The injection process continued until gas 
breakthrough.
Kantzas et. al. (1988) described a typical sequence of displacement events. Gas 
displaced water until a pore body containing trapped oil was encountered. Upon contact with the 
gas, the oil quickly spread on the water and formed a film between the gas and water. This
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behavior implies that a positive spreading condition existed. Simultaneously, the volume of chI 
not contained in the spreading film was displaced fiom the pore body into the largest pore throat 
available. As it was displaced further downstream, the mobilized ofi was likely to join with other 
oil blobs and eventually formed an oil bank. However, the advancing oil blob continued to 
experience volume losses due to creation of spreading film as the length of the oil-water interface 
grew. Therefore, the volume of oil available to replenish the oil bank must be greater than the 
volume lost to film creation or oil bank growth will not occur. Kantzas eL al. also stated that 
flow of oil through the spreading films behind the gas front also contributed slowly to the growth 
of the oil bank.
Kantzas et. al. (1988) observed the development of four distinct zones during the tertiary 
gravity drainage process and described the fluid distribution within them as follows. The lowest 
zone consisted of immobile oil at residual saturation to water flood and water. Only water can 
flow in this zone. The next zone up consisted of the oil bank in which the oil was mobile. At the 
leading edge of the oil bank, the continuous oil acted to reconnect the immobile oil. At the 
trailing edge of the oil bank, the oil was distributed in a continuous film which connected the 
bypassed oil hydraulically to the oU bank. The third zone was a transition zone between the gas 
invaded zone above it and the oil bank below it. The third zone contained oil and water bypassed 
by the gas. These bypassed pockets of oil continued to drain toward the oil bank by leakage 
through the spreading and wetting films. In the fourth zone located at the top of the model, air 
filled the vast majority of the pore space and essentially all of the oil and water have drained 
downward. The remaining oil and water voltunes in the fourth zone were distributed in the 
spreading and wetting films. As the tertiary gravity drainage process progressed, the thickness 
of the oil bank and the transition zone increased.
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The displacement behavior observed in each of the two network models was similar. 
Both the number of pore bodies containing oil and the number of pore bodies containing water 
decreased in the period of time Allowing gas breakthrough at the outlet. For example, the 
following oil distribution sequence was observed in Model SQl. Initially 63 pore bodies were 
occupied by oil. At gas breakthrough this number had decreased to 42. When the last 
photograph was taken, the number of oil-occupied pore bodies had fallen to 22 which included 4 
blobs not connected with air-oil interfaces. In Model RBS the voliune of oil remaining in clusters 
was greater, and the clusters of oil were observed to drain more slowly through the spreading 
films. The authors attributed this to the higher flow resistance through the films as a result of the 
smaller characteristic pore throat diameter in the RBS model.
Oren et. al. (1992) also conducted an experimental study of the mobilization of water 
flood residual oil by gas injection for a water-wet system. The study was carried out in a 
horizontal, two-dimensional glass micro-model composed of a netwœk of intersecting capillaries. 
The inlet to the model consisted of a wide channel which extended along an entire side. The 
outlet was located on the side directly opposite to the inlet channel and was connected to the 
network by 3 equally spaced groups of smaller capillaries. The 3 equally spaced groups of 
smaller capillaries which acted as a barrier to gas flow were included to delay the breakthrough 
of gas at the outlet
The fluids used by Oren et. al. included distilled water, Soltrol-130 (refined oil), and air. 
The interfacial tensions of the fluids were measured by the Wilhelmy method on clean glass 
slides. In order that the effect of spreading coefficient on the displacement efficiency could be 
investigated, isobutanol was added to the water in the second experiment Isobutanol 
significantly lowered the interfacial tension between the water phase and the gas phase (air) and
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between the water phase and the oil phase (Soltrol). These reductions in interfacial tension 
resulted in a negative spreading coefficient for the system.
The tertiary gasflood of the micro-model for the positive spreading system resulted not 
only in a significant reduction in the fluid saturations present prior to the flood, but also in a 
significant shift in the fluid distribution. After the waterflood but prior to the gasflood, 6 % of the 
oil resided in blobs larger than 20 pore bodies. At the end of the gasflood, 25% of the remaining 
oil resided in blobs larger than 20 pore bodies. Oren et. al. pointed out that this shift in 
distribution is consistent with their observations of Sequent coalescing of oil-water interfaces 
during the double displacement process. While the water recovery (72%) for the negative 
spreading system was essentially the same as that observed for the positive spreading system, the 
oil recovery (18%) and the fraction of oil residing in blobs greater in volume than 20 pore bodies 
(15%) was significantly less. Oren et. al. (1992) concluded that the higher oil recoveries 
observed in the positive spreading system clearly was the result of oil drainage through 
continuous films which were not [xesent in the negative spreading system.
Oren et. al. (1992) described the double displacement process in great detail and 
suggested reasons for the observed behavior. The authors stated that oil mobilization during a 
tertiary gas flood is attributed to a double-drainage mechanism which they described in the 
following maimer. Rrst, the oil is displaced by the gas as the gas-oil interface advances. Second, 
the oil displaces the water by advancing the oil-water interface. The first drainage event can 
occur only if the oil displaced by the gas can advance an oil-water interface with which it is in 
hydraulic communication. If a continuous oil film exists, then many more possibilities for 
advancement exist. Oren et. al. (1992) further concluded that this double drainage mechanism 
leads to a strong relationship between oil recovery and water recovery in a positive spreading
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system. Because gas can cUiectly (Usplace water in a negative spreading system, a much weaker 
relationship exists.
Furthermore, Oren et. al. (1992) suggested that the gas-oil interface and oil-water 
interface prefer to move at sites in close proximity to each other because the oil displaced by the 
gas must flow to the site of the associated water movement As a result of the relatively low 
pressure gradients which contribute to flow, the shortest flow path is [X’eferred. The authors 
stated that this theory is consistent with the poduction behavior described in numerous earlier 
studies (Jones, 1985; Holm, 1986; Doscher and Gharib, 1983) in which gas breakthrough usually 
occurs very soon after oil breakthrough.
Oren and Pinczewski (1994) also gave a detailed description of the displacement 
mechanisms which drive a horizontal tertiary gasflood. The authors reported that the presence or 
absence of the spreading film dictated the type of displacement that occurred. For instance, three 
phases may flow simultaneously in the same pore space if continuous wetting and spreading 
films are present. Otherwise, direct non-wetting phase to wetting phase interfaces exist, and no 
more than two phases can flow simultaneously. The predominant type of displacement which 
occurs controls the efficiency of the process. Oren and Pinczewski (1994) concluded that the 
progress of the three-phase displacement during a tertiary gasflood is controlled by the 
distribution and mobility of the fluids involved.
The authors observed that the intermediate phase is always displaced by a double 
drainage mechanism. Furthermore, the wetting phase in a positive spreading system is also 
displaced by a double drainage mechanism, but it may be displaced directly by the non-wetting 
gas (as in a two phase displacement) in a negative spreading system. The authors also stated that 
the ability of the displacement to progress is controlled by the availability of sufficient pressure 
to exceed the controlling pore throat entry pressure and by the availability of flow capacity to the
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displaced fluid. The flow capacity is a function of the thickness of the wetting film, the pesence 
or absence of spreading films, the phase saturations, the resistance to film flow, and the 
reconnectability of the intermediate phase. Lastly, the authors attributed the weak dependence of 
wetting phase recovery on the spreading coefficient to the relatively high d^ree o f conductivity 
and continuity of the wetting films.
Oren et. al. (1994) developed a model to simulate the displacement behavior which had 
been observed in earlier studies (Oren e t  al., 1992 and Oren and Pinczewski, 1994). The stated 
purpose of the simulation model was to test their theories regarding the displacement mechanisms 
which drive a tertiary gas injection process. Oren e t  al. (1994) modified the invasion percolation 
theory presented by Wilkenson and Willemsen (1983) to account for the possibility of flow 
through spreading oil films and developed a displacement algorithm based on the following 
assumptions:
1. During direct displacement of water by gas, viscous gradients are negligible and gas 
will invade the largest accessible pore throat (link) occupied by water.
2. During three-phase double displacement sequences in a negative spreading system, 
capillary fwces control. That is, gas will invade the largest available oil-filled pore, 
and the displaced oil will invade the largest available water-filled pore.
3. During three-phase double displacement sequences in a positive spreading system, 
the capillary threshold pressure for the second drainage event (water by oil) is 
modified by a viscous pessure drop associated with the resistance to oil film flow.
Oren et. al. (1994) also accounted for trapping of phases in their network simulations. 
Both closed loops and snap-off events contribute to trapping, but fluid is allowed to escape 
through wetting or spreading films when applicable. The authors achieved excellent agreement 
between the experimental network and the simulated network. The residual oil saturation to
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gasflood predicted by the simulation of the negative spreading system was 31 % as compared to 
30 % in the experiment For the positive spreading system, the predicted residual saturation to 
gasflood was 22 % as compared to 24% measured experimentally. Upon comparing the gas 
distribution within the network at a late stage in the gasflood predicted by the simulator with the 
experimentally observed gas distribution, the authors stated that the displacement patterns are 
qualitatively similar. Oren et. al. (1994) concluded that a simple capillary-dominated invasion 
model can accurately predict the displacement behavior of three-phase capillary network micro- 
model experiments for both positive and negative spreading systems.
Once verified and validated, the simulator was used to study effect of film flow on the oil 
recovery process. Several simulations were conducted to determine the effects of film flow 
resistance and the value of the spreading coefficient In order to investigate the effect of film 
flow resistance, the authors defined a film  capillary number as the ratio of the film viscous 
pressure drop to the capillary pressure for the double drainage mechanism in a typical link (pore 
throat) in the network.
As a result of the simulator predictions, Oren et. al. (1994) identified three recovery 
regimes as a function of the film capillary number. For a film capillary number less than 10'̂ , 
the recovery regime is designated as high. In the high regime, recovery is nearly constant as a 
function of film capillary number and £q>proaches the recovery value for zero film resistance. 
Above a film capillary number of 1.0, the recovery is in the low regime. Just as in the high 
regime, the recovery is nearly constant, but it approaches the value for no film flow. The authors 
stressed that the presence of a film through which no flow occurs is not the same as a negative 
spreading system where the films do not exist since the capillary pressure and displacement 
behavior are different in negative spreading systems. In the intermediate regime, which exists 
between the high and low regime, the oil recovery is very sensitive to the film capillary number.
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As the film capillary number (film flow resistance) increases, the oil recovery decreases. This is 
consistent with observations reported in earlier studies in which the displacement of water by gas- 
displaced oil generally occurs in close proximity to the preceding displacement of oil by gas. In 
other wœds, as film flow resistance increases, Oren e t  al. (1994) concluded that progressively 
shorter film flow paths are preferred, and these flow paths are typically shortest close to the 
displacement fixant According to Oren et. al. (1994), an implication of this is as follows. Once 
the oil is bypassed by the advancing gas fixant, its reconnection and recovery becomes 
increasingly difficult as the distance between the bypassed oil and the advancing gas fixant 
increases. Gravity gradients would tend to aid film flow by providing additional energy to 
overcome the film flow resistance due to viscous forces.
Oren e t al (1994) estimated the distance, expressed as the number of links (pore throats), 
through which oil is transported by film flow during a double drainage event to be approximately 
equal to the reciprocal of the film capillary number. An earlier study in glass micro-models 
conducted by Soil et. al. (1993) reports that oil was transported fix)m 10 to 15 pore lengths by 
film flow. Ten pore lengths would correspond to a film capillary number of 0.10 which is in the 
intermediate regime of oil recovery as a function of film capillary number.
Oren et. al (1994) also studied the effect of spreading coefficient on oil recovery. The 
simulation results showed that oil recovery for a negative spreading system decreases as the 
spreading coefficient becomes more negative and that the oil recovery for a positive spreading 
system is independent of the value of spreading coefficient The authors noted that this is 
because the capillary pressure on a pore-scale in a positive system is independent of the gas- 
water interfacial tension. As in the experimental displacements, the simulated displacements 
predicted a higher oil recovery for a positive spreading coefficient regardless of the film capillary 
number. According to Oren et. al. (1994), the decreased recovery efficiency associated with the
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negative spreading coeSBcient can be attributed to a decreased fiequency of double drainage 
events and an increased fiequency of direct displacement of water by gas.
An additional characteristic of the gas fiont advancement in a negative spreading system 
which is detrimental to oil recovery is a prominent tendency to finger. A simulation study showed 
that even though the gas saturation was about 10 % in both the positive and negative spreading 
system at oil breakthrough, the negative spreading system had already developed a prominent 
capillary finger which only worsened as the flood progressed. At gas breakthrough, the gas 
saturation and oil saturation in the positive system were 46 % and 22%, respectively. The 
corresponding saturations for the negative spreading system were 14% and 51 %, respectively.
Oren eL al (1994) explained the reason for this tendency to finger in the following 
maimer. If an oil-water interface advances into a pore already occupied by oil, the oil will 
coalesce and increase the number of oil-water interfaces associated with the oil cluster. In the 
absence of a spreading film, the gas is more likely to continue advancing toward the reconnected 
oil as a result of the increased number of displacement pathways associated with the reconnected 
oil. This tendency for the gas to continue to follow the same recoimected oil is significantly 
reduced by the presence of films in the positive spreading system because the possibility of flow 
through films greatly increases the number of accessible oil-water interfaces required for the 
second drainage event to occur. In addition, counter-current flow of the oil through spreading 
films fiom the gas fiont to another oil-water interface lagging behind the fiont advances the 
lagging interface and reconnects bypassed oil.
Once oil breakthrough occurs, Oren et. al. (1994) suggested that the gas flood no longer 
advances by the double drainage mechanism. Instead, the gas percolates through only that 
fraction of the netwOTk (pore space) occupied by reconnected oil. This two-phase invasion 
percolation process after oil breakthrough occurs regardless of the spreading coefficient.
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Because the oil reconnection process prior to oil breakthrough is more efBcient and capillary 
fingering is less likely in a positive spreading system, overall oil recovery for positive systems is 
significantly greater.
Lepski (1995) also conducted a pore-level investigation of the double displacement 
process. The micro-model consisted of rectangular, glass box packed with crushed and sieved 
(1(X)-150 mesh) cryolite (NasAlFg). Cryolite is strongly water-wet and becomes transparent 
when contacted by water. The Cryolite was cemented in place by injecting an orthosilicate 
mixture which solidified as a non-reactive silica to create areas of low and high permeability. 
The fluids used in this study were deaerated water. West Hackberry crude mixed with decane 
(0.33:0.67) and nitrogen. The cell was saturated with water, oilflooded fix>m the top until 
irreducible water saturation was reached, and waterflooded fix)m the bottom until a residual oil 
saturation was reached. Gas was injected at the lowest possible rate (0.08 cc/day) allowed by the 
pump. Lepski (1995) observed both coalescence of residual oil in the upper portion of the cell 
and oil bank formation in his micro-model study.
Lepski (1995) also reported that the oil spread over the water and tended to flow as a 
thin film toward the bottom of the cell in the wake of the gas firanL Lepski (1995) stated that 
this film flow, which was much slower than the gas displacement rate, created a growing oil bank 
which was located in the lower portion of the gas-swept zone. The residual oil blobs did not 
become mobile until after much of the water was displaced and conditions for ftee film flow were 
created behind the gas fix>nt
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Chapter 4
Discussion o f Oil Recovery Efficiency
As indicated during the review o f literature, numerous studies investigating the gravity 
drainage process for recovery of both a continuous and discontinuous oil phase have been 
conducted. The recovery efficiency observed during field tests of the double displacement 
process in dipping reservoirs and the recovery efficiency observed in several laboratory studies 
will be discussed in this chapter. A concise comparison of the recoveries observed by each 
investigator or group of investigators will be provided first. Following this summary of results, 
more details regarding the experimental technique of each study will be provided for 
completeness.
Field Observations
Field observations have shown that very high oil recoveries can be achieved during a 
gravity-stable gas-driven displacement o f a remaining oil rim through a water-invaded oil 
column. The presence of an initial oil rim should tend to accelerate the double displacement 
process since an oil bank does not have to be created through film drainage of oil behind the 
gas front. Film drainage behind the gas front will contribute to oil bank growth if the 
displacement rate does not outrun the drainage rate.
Listed in Table 4.1 are the average reservoir rock and fluid characteristics for two field 
tests of the double displacement process. For comparison purposes, the average properties of 
the West Hackberry Project Area are also shown. As indicated in Table 4.1, the recovery 
efficiencies observed in the Hawkins and Weeks Island Projects ranged from 85% to 95 % of 
the original oil in place. For additional information regarding non-quantifiable factors
52
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affecting recovery which were specific to each field test, a brief summary of each has been 
provided.









Porosity, % 26 27 2 4 -2 8
Permeability, md 1200 3400 300-1000
Swi, % 10 13 19-23
Sorw, % 22 35 26
Sorg, % 1.9 12 ---
Reservoir Temperature, F 225 168 195-205
Dip Angle, deg 26 8 23-35
Pay Thickness, ft 186 230 30-31
API Oil Gravity 32.7 25 33
Viscosity, cp 0.45 3.7 0.7
Bubble Point Pressure, psi 6013 1985 3295
Solution COR, SCF/STB 1386 900 500
Oil FVF at Bubble Point 1.62 1.225 1.285
Waterflood Recovery, % o f OOIP 78 60 60
Gravity Drainage Recovery, % o f OOIP 95 85 —
Hawkins Figld
The Hawkins Field is located 100 miles east of Dallas, Texas and overlies a deep- 
seated salt dome. The sands in this area are extensively faulted and dip at an average angle of 8 
degrees. The Dexter Sands of the East Fault Block are thought to be braided stream deposits. 
These sands are clean and characterized by a high permeability, especially in the bottom 
portion of the sand bed which is of better quality. According to Carlson (1988), the oil located 
in the top portion of the sand bed is bypassed by the encroaching water due to the lower rock 
quality. Due to the small density difference, the oil once bypassed is then slow to migrate up 
structure to join the oil column. On the other hand, if gas is the displacing fluid within the 
same rock matrix, the oil would drain at a higher rate behind the gas front due to the large 
density difference and high vertical permeability. Oil would accumulate at the bottom of the 
sand bed in the higher quality rock and flow rapidly to the oil column down-dip. Hence, in this
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instance the higher recoveries due to gas displacement are further enhanced by the matrix 
characteristics.
During primary depletion (1940-75) in the East Fault Block, the oil invaded the 
original gas cap to the crest of the structure as a result of a strong water drive. Based on field 
performance, the recovery due to water drive is thought to be about 60%. In 1975, inert gas 
was injected into the crest of the structure. The thickness of the oil column in 1975 was about 
280 feet. The gas injection acted to change the primary depletion mechanism from a water 
drive to a gas drive. Within a span of a few years, the volume of water influx approached zero. 
As of 1988, the gas-oil contact had moved down-structure, and the water-oil contact remained 
essentially at its 1975 position, and the oil column thickness had decreased to 25 feet. From 
1975 to 1988, 58 million stock tank barrels of oil were produced. This volume is equivalent to 
85% o f the oil contained within the gas-invaded zone. Thus, oil recovery by gas displacement 
is about 25% higher in this case than oil recovery by waterflood.
% sks Island
The Weeks Island Field is a piercement salt dome field located near New Iberia, 
Louisiana. The pilot area is a steeply dipping, high permeability oil reservoir with an original 
gas cap which is well-confined by faulting. The reservoir was first produced from a single well 
located near the gas-oil contact and produced by expansion of the gas cap and then later by 
water injection. Prior to the pilot start-up in October 1978, the remaining mobile oil column 
was 23 feet thick. A carbon dioxide-natural gas slug was injected from late 1978 to early 1980. 
Water was produced from a down-structure well to allow the gas to displace the growing oil 
bank down to the production well. Sustained production from the pilot began in January 1981. 
Although greater than expected volumes of water and CO2 were produced, the pilot was a 
technical success (Johnston, 1988).
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When the oil rim reached the production well (Jan. 1981), the oil rim had grown from 
23 feet to 57 feet in thickness. Core analyses from pressure retaining cores indicate a 90% 
recovery of the residual oil to waterflood. That is, the residual oil saturation was reduced from 
about 22% to about 2%. Recovery from the pilot was projected to reach 270 thousand stock 
tank barrels by abandonment. O f those 270 thousand stock tank barrels, 65 thousand stock tank 
barrels is attributed to the remaining primary oil rim and 205 thousand stock tank barrels are 
attributed to recovery of tertiary oil by the DDP. Thus, the DDP process in this case recovered 
an average 60% of the remaining residual oil after waterflood (Johnston, 1988).
Laboratory Observations
Several studies have shown that oil recovery by gravity drainage is a highly efficient 
process. The oil may be distributed as a continuous phase in the presence of water at its 
irreducible saturation or it may be a discontinuous phase trapped within the water phase. In 
either situation, the displacement of oil by gas in a gravity-dominated system has proven to be 
a very effective means of oil recovery.
Gravity Drainage of Oil at Irreducible Water
Numerous studies have been conducted over the years investigating the gravity 
drainage process. Only those secondary gravity drainage studies conducted in conjunction with 
a study of tertiary gravity drainage will be discussed here. This limitation allows a direct 
comparison to be made between the recovery efficiency reported for a secondary process and 
the recovery efficiency reported for a tertiary process since each investigator used common 
experimental conditions for the two processes within a given study.
As shown in Table 4.2, the oil recovery for a controlled gravity drainage of oil in the 
presence of irreducible water approached 100 % in the vertical glass-bead packs employed by 
Kantzas et. al. (1988). The average oil recovery reported by Naylor and Frorup (1989) for a
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gravity-dominated gasflood conducted in several vertically-oriented consolidated Clashach 
sandstone cores was about 70% of the oil in-place at the start of the gasflood. Whereas, the oil 
recovery in the same core oriented horizontally was only about 40%. Thus, gravity effects 
appear to greatly aid this type of process.
Table 4.2: Observed oil recovery by gravity drainage a t irreducible water.
Study Media Orientation Average Oil Recovery
Kantzas et. al. (1988) glass beads vertical 99%
Kantzas eL al. (1988) Berea core vertical 80%
Naylor and Frorup (1989) Clashach core horizontal 40%
Naylor and Frorup (1989) Clashach core vertical 70%
Gravity_Drainage o f Oil at Residual Oil to Waterflood
These studies include both macroscopic scale investigations of production 
characteristics conducted in sandstone cores and microscopic scale investigations conducted in 
columns of glass beads and glass micro-models. Kantzas et. al. (1988) suggest that gravity 
forces, interfacial tensions, and film flow are important parameters in the recovery efficiency 
for a tertiary gas injection process. Excluding the effects of gravity, Oren et. al. (1992, 1994) 
confirm the findings Kantzas et. al (1988) regarding the importance of continuous oil films and 
film flow. Lepski (1995) also reports the formation of and flow through a continuous oil film 
in his micro-model study. Catalan et. al. (1994) and Oren et. al. (1994) investigated the effects 
of wettability observed that the recovery efficiency in an oil-wet system not strongly dependent 
on the spreading coefficient. In addition to wettability effects, Catalan et. al. (1994) also 
investigated the effects of heterogeneity. Each investigator has shown that a significant 
percentage of the residual oil to waterflood can be mobilized by the introduction of gas into the 
system. Compiled in Table 4.3 are the results from these studies. Just as in Table 4.2, the oil
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recovery quoted is based on the volume of oil initially in the system at the start o f the tertiary 
gasflood.
The oil recovery efficiency reported for unconsolidated media ranged from about 60 % 
for a fine sand pack up to 90% for a column o f glass beads. The oil recovery efficiency 
observed in a consolidated sandstone core ranged from about 40% up to 66%. These values are 
consistent with the estimated 60% recovery of tertiary reserves observed at Weeks Island. 
Each of these studies were conducted at either a controlled gas injection rate or a controlled 
production rate. The average oil flux for all of the consolidated coreflood studies quoted here 
was of the order o f 0.01 ft/day.
Table 4.3: Observed oil recovery by gasflooding of residual oil to waterflood.




Kantzas et. al. (1988) glass beads water * 90%
Kantzas et. al. (1988) Berea core water « 60%
Naylor and Frorup (1989) Clashach core water * 66%
Naylor e t  al. (1991) Clashach core water * 43%
Hustad and Holt (1992) Bentheimer core water * 42%
Hustad and Holt (1992) Bentheimer core water « 66%
Oren et. al. (1992) network water +18 40 % (BT)
Oren e t  al. (1992) networic water -8 18% (BT)
Catalan et. al. (1994) Berea core water * 65%
Oren and Pinczewski (1994) network water +18 35%
Oren and Pinczewski (1994) network water -8 18%
Oren and Pinczewski (1994) network oil +18 74%
Oren and Pinczewski (1994) network oil - S 84%
Lepski (1995) sand pack water « 61 %
Lepski(1995) Berea core water * 38%
* not reported.
With the exception of the study conducted by Hustad and Holt (1992), Catalan et. al. 
(1994), and Lepski (1995), all of the studies quoted in Table 4.3 were conducted using refined 
oil to represent the oil phase. In most cases, synthetic brine and nitrogen or air represented the 
gas phase. Oren et. al. (1992, 1994) conducted a series of network model experiments using 
distilled water, Soltrol, and air and reported a spreading coefficient of about +18 for this
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system of fluids. By adding isobutanol to the water, the water-oil and water gas interfacial 
tensions were lowered to create a negative spreading system with a coefficient of -8. As 
indicated in Table 4.3, a negative spreading coefficient in a water-wet media has been shown to 
decrease the recovery of oil by almost a factor of 2. However, the recovery efficiency in an oil- 
wet system is not as sensitive to the value of the spreading coefficient.
Summary of Experimental Procedures and Results by Author
A brief summary of each study quoted in Tables 4.2 and 4.3 is presented to provide 
additional information regarding each experimental study. In addition to a brief outline of 
experimental procedures and observations, details such as system dimensions and rock and 
fluid properties are provided.
Kant7,as. Chat7,is. aadXlullien (1988)
Kantzas et. al. (1988) investigated the effects of a continuous oil phase prior to 
gasflooding (secondary) as opposed to a discontinuous oil phase prior to gasflooding (tertiary) 
and the effects of a uncontrolled (free) drainage process as opposed to a controlled drainage 
process. In the uncontrolled process no external pressure is applied, and the fluids drain due to 
a gravity induced pressure differential between the top and bottom of the core or column. In 
the controlled process a low external pressure (< 0.08 MPa) is applied to the injected gas, and 
the production rate from the bottom is controlled. The production rate was controlled either by 
a needle valve or by placing a semi-permeable membrane against the bottom of the core. 
When the semi-permeable membrane was used, the production rate was limited to 1-10 cm/day 
(0.03-0.30 fl/day).
The columns of glass beads ranged in length from 20.3 cm (8 in) to 152.1 cm (60 in) 
and ranged in diameter from 5.1 cm (2 in) to 10 cm (4 in) and ranged in porosity from 0.36 to 
0.41. The Berea sandstone cores were about 29 cm (11.4 in) long with a diameter of 3.81 cm
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(1.54 in), a porosity of about 0.21 and a permeability to nitrogen of 500-680 md. The water 
phase was represented by a Sodium Chloride (2% by wt) solution and oil phased was 
represented by dyed Soltrol (refined oil). The saturation history was established as follows: (1) 
completely saturate the core or column with brine, (2) oilflood the vertical core or column 
from the top until oil breakthrough, (3) secondary waterflood from the bottom of the core or 
column. Both secondary and tertiary gasflood experiments were conducted by injecting gas 
from the top and producing fluids from the bottom. For the secondary gasflood experiments, 
the secondary waterflood (step 3 above) was omitted from the saturation history.
For the unconsolidated media, very high oil recoveries were achieved in all cases. The 
oil recovery for the controlled secondary gasfloods approached 100 % while the oil recovery 
for the controlled tertiary gasfloods ranged from 85 % to 95 %. High oil recoveries were also 
observed for the tertiary gasfloods in the consolidated core, but the recovery efficiency was less 
than in the unconsolidated column of glass beads. In all of the controlled tertiary gasfloods, 
only water was produced prior to the arrival o f the oil bank. However, the oil production 
declined much more rapidly in the consolidated core than in the unconsolidated column. The 
oil recovery for the uncontrolled (free drainage) gasfloods, which were only conducted in the 
unconsolidated columns, ranged from 73 % to 79 % for both the secondary and tertiary 
gasfloods. In all cases, the controlled drainage process was more efficient than the free 
drainage process. The initially high displacement rates observed in the free drainage 
experiments are detrimental to the recovery efficiency of the process.
Navlor_andJrorup (1989) and Navlor. Sargent. Tilsed. and Frorup 119911
Naylor and Frorup (1989) also investigated secondary and tertiary gasflooding of 
consolidated sandstone cores. The cores were cut from the Clashach quarry in Scotland and 
were composed of well-cemented, well-sorted, clean, water-wet aeolian sandstone. The cores
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averaged 4.3 cm (1.7 in) in diameter and 86 cm (34 in) in length and ranged in porosity from 
0.177 to 0.205 and in permeability (to brine) from 900 md to 1600 md. The fluids used 
included brine (1 % NaCl by wt), n-doedecane or n-decane, and nitrogen. The interfacial 
tension o f nitrogen and n-doedecane is 17 mN/m and of nitrogen and n-decane is 24 mN/m 
Both high pressure and low pressure corefloods were conducted. In all experiments the 
saturation history of the core was established in a manner similar to that used by Kantzas et. al.
(1988).
The high pressure (69 bar at outlet) experiments were conducted in order to investigate 
the effect of core orientation on a secondary gasflood in which the water was at connate water 
saturation. The low pressure experiments investigated the effects of injection rate, connate 
water saturation, and the continuity of the oil phase (tertiary) on a gasflood. The experimental 
apparatus and radioactive tracers placed in the fluids allowed in-situ saturation measurements 
along the length of a horizontal core in the high pressure apparatus and along the length of a 
vertical core in the low pressure apparatus. Porosity variations in the core were ignored when 
in-situ saturations were determined. The authors suggest that some of the variations in the 
saturation profile observed at the start of the floods may have been due to porosity variations. 
The porosity variation is believed to be about plus or minus 7% of the average value.
Shown in Table 4.4 is a tabulation o f the results from the high pressure secondary 
gasfloods. The oil recovered at both gas breakthrough and ultimately after 88 hours o f flooding 
is significantly higher for the vertical coreflood. Thus, gravity effects appear to greatly aid this 
type of process. The in-situ saturation measurements along the horizontal core indicated an 
absence o f significant end effects. The saturation could not be measured directly in the vertical 
core due to equipment limitations. Therefore, the degree of capillary end effects in the vertical 
core could not be investigated.
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Comparison o f the results from Experiment LPl and Experiment LP2 from the low 
pressure experiments show the effect of injection rate on oil recovery in secondary, vertical gas 
floods. Experiment LPl was conducted at a gas injection rate of 15 ml/hr, and Experiment LP2 
was conducted at a rate of 2 ml/hr. Naylor and Frorup (1989) state that both of these 
experiments were gravity stable. As one might expect, the gas breakthrough occurred at a 
lower oil recovery for the higher injection rate (LPl). The experimental results have been 
tabulated and are displayed in Table 4.5













Horizontal 227 0.83 0.14 0.41 0.50
Vertical 227 0.83 0.38 0.71 0.24
Experiment LP2 and Experiment LP3 were conducted under the same flooding 
conditions to isolate the effect of initial water saturation on oil recovery. Comparison of the 
results shows that oil recovery is higher for a lower initial water saturation. Naylor and Frorup
(1989) suggest that this trend is due to a higher relative permeability to oil for the lower initial 
water saturation. After 21 days of gasflooding in Experiment LP3, the core was shut-in and the 
remaining oil was allowed to drain to the bottom over a period of 47 days. In-situ saturation 
measurements show a decrease in oil saturation at the top of the core from 0.18 to 0.15 and 
increase in oil saturation at the bottom from about 0.43 to about 0.54.
The mean oil saturations at the end of the flood were calculated based on a material 
balance such that they represent an average saturation for the entire core and include capillary 
end effects. Naylor and Frorup (1989) state that the in-saturation measurements for LP3 show 
that capillary end effects dominate in the bottom 15% of the core and that the rest of the core 
represents a gravity drainage process. The authors point out that these end effects will
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dominate the fluid distribution in the core as the core is shortened. Capillary end effects must 
be eliminated if short cores are used. These results also point out the need for in-situ 
saturation measurements if capillary end effects are not eliminated.



































LPl secondary 172 0.71 0.50 0.42 10% 0.29
LP2 secondary 167 0.69 0.58 20 0.3 % 0.25
LP3 secondary 174 0.73 0.63 21 0.5 % 0.18 0.43 0.23
LP3 shut-in — — — 47 — 0.15 0.54 0.23
LP4 tertiary 103 0.47 — 86 — 0.08 0.32 0.16
Experiment LP4 represents a vertical tertiary gas flood (gravity-assisted DDP). The 
authors report that a plot of oil saturation as a function of position in the core clearly illustrates 
the formation and production of an oil bank during the gravity-stable tertiary gasflood. The 
authors state that this is the first direct evidence of the oil bank formation during this process. 
Furthermore, the authors point out that the low oil saturation (0.08) observed at the top of the 
core after 86 days of gas injection was achieved without vaporization of the oil and without low 
interfacial tension.
Naylor et. al. (1991) concentrated their efforts on determining oil relative permeability 
based on in-situ saturation measurements. An attempt to measure in-situ oil and brine 
saturations simultaneously resulted in an unacceptably high experimental error. Thus, water 
relative permeability measurements could not be reliably obtained. Naylor et. al. (1991) point 
out that their method of calculating relative permeability involves direct measurement and 
avoids the use of high gravity forces involved in centrifugal data collection. The experimental 
procedure and apparatus used in this study were identical to those described in their earlier
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article. This article presents a more extensive analysis of the data collected in the previous 
study (Naylor and Frorup, 1989) and provides additional data from another low pressure 
tertiary gasflood (LP5) and another high pressure secondary gasflood (HP3). Shown in Table 
4.6 are the results from some of the previous floods.
Table 4.6: Results from corefloods by Naylor e t  al. (1991).
Exp.
No.
































HP3 gas (2nd) 334 0.75 0.70 13 0.5 % 0.19 0.31 0.23
LP5 gas (3rd) 122 0.51 — 25 0.19 0.40 029
LP5 shut-in — — — 5 — 0.09 0.18 0.29
The tertiary experiments were conducted such that the frontal velocities during the 
secondary waterfloods were 79 cm/day ( 2.6 ft/day) and 29 cm/day (1.0 ft/day) for LP4 and 
LP5, respectively. Conditions were also chosen such that gravity forces dominated. Evidence 
of oil bank formation is again observed in LP5 as it was in LP4. Capillary end effects are 
apparent in all cases as shown by the large discrepancy between the mean oil saturation and the 
oil saturation measured at the top of the core. As in the earlier study, Naylor et. al. (1991) 
conclude that the residual oil saturation cannot be reliably determined based on material 
balance calculations alone.
Hustad and Holt (1992)
Hustad and Holt (1992) conducted two vertical corefloods at gravity-stable rates in 
Bentheimer sandstone cores which were 1.2 m (4 ft) in length and 3.78 cm (1.5 in) in diameter. 
The average porosity of each core was about 23% and the average permeability was about 2.5 
Darcy. The fluids used included recombined live crude oil, equilibrium gas to the oil, 
separator gas, and synthetic reservoir brine. The interfacial tension of the fluids were 
measured using the pendant drop method. The interfacial tension between the synthetic brine
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and recombined oil is 21.6 mN/m at 313.5 bar and 91.9°C. The interfacial tension between the 
recombined oil and the equilibrium gas is reported to be 1.2 mN/m. The interfacial tension 
between the synthetic brine and the equilibrium gas was not reported. Both corefloods were 
conducted under similar conditions such that the only significant difference was the 
composition o f the injected gas. For the coreflood in which equilibrium gas was used, no 
compositional effects are present. For the coreflood in which separator gas was used, 
vaporization o f the oil can occur.
Two high pressure, vertical tertiary gasfloods were conducted at 314 bar and 92°C and 
at 315 bar and 99°C. The saturation history was established as in other studies. A core initially 
saturated with water was oilflooded from the top to irreducible water, waterflooded from the 
bottom to residual oil, and finally gasflooded from the top. At the conclusion of the gasflood, 
the core was cooled, depressurized and cut into 12 pieces of approximately equal length. The 
pieces were weighed and then extracted with methanol and toluene. The water content was 
determined by the Karl Fisher analysis method, and the evaporation residue was determined 
gravametrically, and the volume of degassed oil was determined by mass balance. The core 
used in Experiment 1 was contaminated by hydraulic oil during the cooling process, therefore 
determining the final oil saturation profile for this coreflood was impossible.
The production characteristics observed by Hustad and Holt (1992) for Experiment 1 
in which equilibrium gas is the injected fluid were similar to those observed in earlier studies 
of tertiary gas floods. Water is the only fluid produced initially. Even though the water 
production rate decreased after oil breakthrough and decreased further after gas breakthrough, 
it continued throughout the gasflood. A decrease in the oil rate was also observed after gas 
breakthrough. Oil breakthrough and gas breakthrough occurred at 0.324 and 0.469 pore 
volumes of gas injected, respectively. The oil saturation is reduced from 38% at the start of the
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gasflood to 22% after flooding with 1.7 pore volumes of gas. As observed by Naylor et. al. 
(1989, 1991), Hustad and Holt (1992) also observe that the water production history and the 
final water saturation profile are strongly influenced by capillary end effects.
Experiment 2 for which separator gas was the injected fluid experienced oil 
breakthrough and gas breakthrough at about the same pore volumes injected (0.342 and 0.477) 
as observed in Experiment 1. However, the water recovery observed in Experiment 2 is higher 
than in Experiment 1. The authors suggest that this higher water recovery may be due to oil 
vaporization. That is, more pore space is available for water to flow as the oil volume is 
reduced. The ultimate oil recovery also higher in Experiment 2. The oil saturation decreased 
from 38% to less than 13% after 1.7 PV injected and to less than 10% after 3.4 PV injected. 
The oil extracts obtained at the end of Experiment 2 show that the heavy components of the oil 
were evenly distributed throughout the core. The authors conclude that this distribution 
implies that the oil saturation gradient is a result of vaporization.
Qren. Billiotte. and Pinczewski fl992)
Oren et. al. (1992) conducted an experimental study of the mobilization of water flood 
residual oil by gas injection for a water-wet system in a horizontal, two-dimensional glass 
micro-model composed of a network o f intersecting capillaries. The capillaries, which were 
approximately rectangular in cross-section, were about 150 pm deep and ranged in width from 
100 to 300 pm. The distance between capillary intersections (pore bodies) varied from 300 to 
500 pm. The capillary intersections ranged in width from 300 to 400 pm. The inlet to the 
model consisted of a wide channel which extended along an entire side. The outlet was located 
on the side directly opposite to the inlet channel and was connected to the network by 3 equally 
spaced groups o f smaller capillaries. The 3 equally spaced groups of smaller capillaries which 
acted as a barrier to gas flow were included to delay the breakthrough of gas at the outlet.
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The fluids used by Oren et. al. included distilled water, Soltrol-130 (refined oil), and 
air. The interfacial tensions of the fluids were measured by the Wilhelmy method on clean 
glass slides. In order that the effect o f spreading coefficient on the displacement efficiency 
could be investigated, isobutanol was added to the water in the second experiment. Isobutanol 
significantly lowered the interfacial tension between the water phase and the gas phase (air) 
and between the water phase and the oil phase (Soltrol). These reductions in interfacial tension 
resulted in a negative spreading coefficient for the system.
Each experiment was conducted under ambient conditions as follows: (1) saturate 
model with water phase, (2) inject oil phase at high flow rate until residual water saturation, (3) 
inject water at low flow rate to residual oil saturation, and (4) allow air to enter the model. 
The irreducible water saturation (2%) and the residual oil saturation to water (70%) observed 
for the positive spreading system were essentially equal to those observed for the negative 
spreading system.
The tertiary gasflood of the micro-model for the positive spreading system resulted not 
only in a significant reduction in the fluid saturations present prior to the flood, but also in a 
significant shift in the fluid distribution. Based on the fluid volumes present at the start of the 
tertiary gasflood, 40% of the oil and 69% of the water were recovered at gas breakthrough. 
After the waterflood but prior to the gasflood, 6 % of the oil resided in blobs larger than 20 
pore bodies. At the end of the gasflood, 25% of the remaining oil resided in blobs larger than 
20 pore bodies. Oren et. al. point out that this shift in distribution is consistent with their 
observations of frequent coalescing o f oil-water interfaces during the double displacement 
process. While the water recovery (72%) for the negative spreading system was essentially the 
same as that observed for the positive spreading system, the oil recovery (18%) and the fraction 
of oil residing in blobs greater in volume than 20 pore bodies (15%) was significantly less.
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Oren et. al. conclude that the higher oil recoveries observed in the positive spreading system 
clearly are the result of oil drainage through continuous films which are not present in the 
negative spreading system.
Oren et. al. (1992) observed an oil recovery for the positive spreading system which is 
more than double that observed for the negative spreading system. Since both systems 
exhibited essentially the same fluid saturations prior to the introduction of air to the micro­
model, the formation of a continuous oil film between the water and gas appears to be a 
primary factor in the efficiency of the double drainage process. Even where gravity effects are 
negligible, Oren et. al. (1992) reported that their study confirmed that oil drainage through 
continuous oil films contributes significantly to oil recovery in a double displacement process.
Catalan. Dullien. and Chatzis 0994)
Catalan et. al. (1994) investigated the effects of wettability and heterogeneity on the 
recovery of waterflood residual oil by gravity-assisted, inert gas injection. The study included 
consolidated sandstone cores, two-dimensional, rectangular glass packs, and glass micro­
models of pore networks.
The porous media was represented in the coreflood portion of this study by both long 
cores and a series of short cores stacked and joined with a mixed-wet paste composed of equal 
volumes of ground analar Calcium carbonate and Norit-A active carbon and of equal volumes 
of the water and oil. The presence of the paste between adjoining cores prevented capillary 
discontinuity. The composite length of the cores ranged from 24 cm (9.4 in) to 85 cm (33.5 in), 
and each had a diameter of 3.8 cm ( 1.5 in). Five of the seven cores were composed of Berea 
sandstone and ranged in porosity from 0.214 to 0.234 and ranged in permeability from 412 md 
to 1266 md. The remainder of the cores were composed of sandstone recovered from the 
Permbina Cardium Field located in Alberta, Canada. The porosity (0.192, 0.206) and
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permeability (547 md, 1298 md) were comparable to the Berea sandstone cores. The fluids 
used to represent the water, oil, and gas phases were varied and included synthetic brine, 
Soltrol 170 (refined oil), Pembina crude. Isobutanol, and nitrogen.
As reported in earlier studies o f this tertiary drainage, the only fluid produced prior to 
oil breakthrough is brine. Following oil breakthrough and prior to gas breakthrough, oil and 
brine are produced simultaneously. For the Experiment 1 conducted in the long Berea core, 
Catalan et. al. (1994) observed that about half of the oil remaining at the start of tertiary 
injection was recovered within the first 10 days. After this initial fast-drainage period, the oil 
production rate decreased substantially even though the inlet gas pressure was raised repeatedly 
in the latter half of the 54-day flood. The authors surmise that the film flow mechanism is not 
strongly affected by the gas pressure. In both long cores which were water-wet, the ultimate 
recovery exceeded 65% of the oil remaining at the start of the gasflood.
To verify that application of the mixed-wet paste between adjoining core plugs 
eliminated the capillary end effects normally observed in short cores, Catalan et. al. (1994) 
conducted Experiment 3 without applying the paste between adjacent cores. As expected, the 
recovery for Experiment 3 was much lower than that observed for the long Berea cores. 
However, the recovery observed for the composite core for which the paste was applied 
(Experiment 4) was comparable to that reported for the long cores. Thus, the authors 
concluded that capillary continuity is established for the oil and brine phases in the composite 
core of Experiment 4.
Catalan et. al. (1994) conducted experiments in both three-dimensional and two- 
dimensional glass bead packs in order to study the effects of wettability and the effects of 
macro-scale reservoir heterogeneity which is oriented parallel to the primary direction of flow 
on the tertiary gravity drainage process. The experiments regarding wettability effects were
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conducted in a three-dimensional glass bead pack which was 35 cm (13.8 in) in length and 3.8 
cm (1.5 in) in diameter. The diameter o f the glass beads ranged from 100 to 400 microns 
which resulted in a porosity of approximately 37 %. Two of the three experiments were 
conducted using water-wet beads while the third was conducted using beads which were treated 
to make them oil-wet. A semi-permeable membrane was applied at the outlet during the water- 
wet experiments but free (uncontrolled) drainage was allowed in the oil-wet experiment.
As observed in numerous other studies, the recovery efficiency under water-wet 
conditions in a negative spreading system was significantly less than that for a positive 
spreading system. The recovery under oil-wet conditions with a positive spreading coefficient 
was more than the negative, water-wet system but less than the positive water-wet system. 
This is not consistent with the results obtained by Oren and Pinczewski (1994) for whom the 
oil-wet capillary network model yielded the highest recovery. Catalan et. al. (1994) state that if 
a semi-permeable membrane had been used for the oil-wet system, the recovery observed 
would have been greater.
To investigate the effect of macroscopic parallel heterogeneity, Catalan et. al (1994) 
conducted displacements experiments in a vertically-oriented, two-dimensional packing of 
glass beads. The packing was 80 cm (31.5 in) long, 15 cm (6 in) wide and 3 mm (0.1 in) [6-8 
beads] thick. The model contained three distinct zones of equal volume which were oriented 
from top to bottom. The central zone was restricted to a range of bead sizes (420-600 microns) 
which differed from the range of bead sizes (700-740 microns) in the zones on either side. 
By using dyed fluids and maintaining a very small production rate from the bottom of the glass 
bead pack, the authors were able to observe the positions of both the gas-oil and water-oil 
interfaces and the growth of the oil bank in each of the three zones.
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As expected, the authors noted that both interface positions in the central zone were 
higher than the adjacent zones of higher permeability. This difference is attributed to the 
difference in capillary pressure which is expected in the central zone. This implies that the 
saturation at a given vertical position within the system is not uniform throughout the cross- 
section. Catalan et. al. (1994) concluded that any saturation dependent property (such as 
relative permeability) which is measured based on an average saturation measured at a given 
cross section is meaningless where this type heterogeneity occurs.
Even though capillary retention of fluid in the central zone is higher, less oil remained 
in the central zone at the end of the experiment. Rather than contributing to the oil bank 
growth within the central zone, the oil which drains in the central zone prefers to flow across 
the zone boundary and collect in the oil bank of the adjacent zones. Thus, the growth rate of 
the oil banks in the adjacent high permeability zones is amplified by the addition of oil from 
the lower permeability (central) zone. The authors suggest that an oil bank will be maintained 
between the gas and water in the central zone as long as recoverable oil remains in the central 
zone.
Oren and Pingzgw5ki.(1994)
In 1994, Oren and Pinczewski using the same experimental system and methodology 
used previously by Oren et. al. (1992) investigated the effects of wettability and spreading on 
the recovery of waterflood residual oil. Oren and Pinczewski (1994) also give a detailed 
description of the displacement mechanisms which drive a horizontal tertiary gasflood. The 
authors report that the presence or absence of the spreading film dictates the type of 
displacement that will occur. For instance, three phases may flow simultaneously in the same 
pore space if continuous wetting and spreading films are present. Otherwise, direct non­
wetting phase to wetting phase interfaces exist, and no more than two phases can flow
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simultaneously. The predominant type of displacement which occurs controls the efficiency 
of the process.
Lspski(1995)
Lepski (1995) conducted a physical modelling study o f the double displacement 
process (tertiary gasflood) using several types of media including unconsolidated cores, Berea 
sandstone cores and a transparent cell. The unconsolidated sand pack was 9.5 ft long and about 
2.65 inches in diameter. The Berea sandstone cores were about 6 ft long and 2 inches in 
diameter. All of the corefloods were carried out in the vertical position at elevated temperature 
(160 ° F) and pressure (2000 psig). The corefloods were conducted using various synthetic 
reservoir brines to represent the water phase, crude oil from the West Hackberry Field 
(Amoco) as the oil phase, and nitrogen as the injected gas. Although the synthetic brines range 
had various compositions, each exhibited a density of 0.9754 g/cc and a viscosity of 0.4459 cp 
at 160 °F and atmospheric pressure. The West Hackberry crude has a density of 0.8401 g/cc 
(31.5 “API) and a viscosity of 3.31 cp. at 160 “F and atmospheric pressure. Nitrogen has a 
density of 0.125 g/cc and a viscosity of 0.0223 cp at the test conditions of 160 “F and 2000 
psig.
The saturation history was established by injecting water from the bottom and oil from 
the top. The injection rates for the oilflood and waterflood ranged from 60 to 240 cc/hr. The 
flooding process was halted once the fraction of the injected fluid in the production stream 
reached 0.95. At the end of each stage of the saturation history, the effective permeability to 
the residual phase was measured at its residual saturation.
Listed in Table 4.7 and Table 4.8 are the core properties and experimental conditions 
corresponding to each experiment. Due to problems controlling gas breakthrough, the 
corefloods were conducted in a cyclic manner which allowed the oil to drain during shut-in
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periods. The core was flooded with gas from the top and fluids were produced from the 
bottom. Once the gas fraction in the producing stream reached 0.95, the core was shut-in for a 
period of time. After the shut-in period, gas injection and production were resumed 
simultaneously. Several of these injection cycles were included in each experiment. The 
duration of each experiment ranged from 30 days to 70 days.
The production data obtained Lepski (1991) after gas breakthrough for all experiments 
exhibit linear trends on the log-log plot described by Hagoort ( 1980). Lepski ( 1995) states that 
the slope and intercept value of the linear trend appears to be a function of the core used. This 
observation is supported by the fact that the data from Experiment No. 4 and Experiment No. 5 
fall along the same line on the Hagoort log-log plot.
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5 3 3 2.5 102 % 17% 3 0.00
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Chapter 5
Discussion of Relative Permeability
Since capillary phenomena greatly influence the flow of fluids in porous media but are 
too complex to model mathematically in porous media, the concept of relative permeability has 
been developed to account for the results of capillary phenomena without modelling capillarity 
itself. Modelling studies of reservoir processes in which three-phase flow is significant require 
the use of three-phase relative permeabilities. Due to the complex nature of the pore space 
through which the phases flow and the complex interactions among the fluids and the surface 
of the rock, a practical pore-level mathematical model to predict relative permeability has 
eluded investigators for many years.
Due to the dependence of relative permeability not only on the saturation of the phases 
but also on the saturation history of the phases, currently available techniques for measuring 
three-phase relative permeabilities are extremely difficult and often yield unreliable results. 
Therefore, the most common approach adopted to date to resolve this problem has been to 
correlate three-phase relative permeability to two-phase relative permeability which can be 
measured in the laboratory with less difficulty. This approach has typically yielded less than 
desirable results. This dis-satisfaction is indicated by the sheer volume of research conducted 
in this area and by the fact that the relative permeability curves are often the first target when 
reservoir description data is adjusted to obtain a history match.
This section includes a brief description of several previous laboratory studies 
regarding three-phase permeability and of several of the correlations and models which have 
been developed in an effort to predict three-phase permeability. More emphasis has been 
placed on the most widely used models and on the more recent developments in which
73
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percolation concepts and network theory were applied to estimate relative permeability. The 
percolation-based models developed by Heiba (1985) are of particular interest since hysterisis 
is predicted using this approach.
Laboratory Studies
Hagoort (1980) presented a new method for measurement of oil relative permeability. 
Hagoort questioned the applicability of the conventional viscous-displacement technique 
(extended Welge Method) for measuring relative permeability for use in modelling a gravity 
drainage process. Hagoort stated that the relative permeability to oil at low saturations is of 
significant interest in a gravity drainage process. Measurements obtained using viscous- 
displacement techniques are adversely affected by the capillary end effects, especially at the 
low saturations. Hagoort proposed that displacement by centrifugal forces would provide more 
representative measurements than those obtained by viscous displacement.
Hagoort (1980) measured relative permeability in core plugs from several rock samples 
including Bentheimer, Berea, and Weeks Island sandstone and Kurkan dolomite. After 
saturating the core plugs with oil and connate water, the cores were placed in a centrifuge and 
spun at 3000 rpm for about 8 hours. Fluid production was measured at regular time intervals, 
and the final saturations were determined by weight and the Dean Stark extraction method. 
Hagoort stated that the liquid hold-up from a 1000-md sample was only 1 % of the pore 
volume and concluded from this that the end effects were negligible. Finally, Hagoort 
concluded that gravity drainage can result in low oil saturations, but whether these low 
saturations can be reached during the practical lifetime of the reservoir depends upon (1) the 
magnitude of the gravity forces relative to the viscous forces, (2) the shape of the oil relative 
permeability curve, and (3) the reservoir geometry and heterogeneity.
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Oak et. al (1990) reviewed the previously published relative permeability studies and 
reported several observations regarding the availability and quality of three-phase relative 
permeability measurements. Oak et. al. (1990) reported that the relatively small number of 
three-phase relative permeability laboratory studies as compared to the number o f two-phase 
relative permeability laboratory studies illuminates the great difficulty involved in obtaining 
three-phase relative permeability measurements. Oak et. al. (1990) also stated that the 
reliability of current measurement techniques are uncertain and therefore further study is 
needed, especially regarding the effects o f saturation history.
Upon analyzing the available three-phase relative permeability data sets among the 
published studies. Oak et. al. (1990) observed several trends regarding the shape o f the relative 
permeability curve and the saturation history. In more than 50% of the studies in which water 
and oil saturation decreased as gas saturation increased after a primary two-phase drainage 
involving oil and water, the oil isoperms displayed a convex shape. (This saturation history is 
denoted as W/O primary drainage, W/O/G D/D/I. The W, 0, and G denote the water, oil and 
gas saturations, respectively, and the D and I  indicate the direction of saturation change for that 
phase as increasing or decreasing.) Whereas, the W/O secondary drainage W/O/G D/D/1 
saturation history resulted in concave oil isoperms. The authors also noted that water 
isoperms displayed a linear or concave trend in all cases studied. No discernible correlation 
could be made between saturation history and the shape of the gas isoperms. The authors state 
that this lack of a trend suggests gas relative permeability measurements are very sensitive to 
experimental error. The authors concluded that the available data suggests that three-phase oil 
relative permeability is particularly process dependent and that saturation history plays a 
significant role. Therefore, saturation history effects must be considered when measuring 
three-phase oil relative permeability.
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Oak et. at. (1990) also conducted an experimental study of two- and tliree-pliase 
relative permeability using an automated steady-state metliod on a fired Berea sandstone core. 
Water, oil, and gas were injected simultaneously at constant rates and the pressure and 
saturations were measured at steady-state. The authors measured the phase saturations using an 
X-ray absorption technique. The water, oil, and gas phases were represented by X-ray-traced 
brine. X-ray-traced mineral oil, and nitrogen (respectively). The saturation histories included 
in this study were primary D/D/I and I/I/D. Once the data was collected the results were 
compared to three-phase relative permeability predictions using Stone’s Method I (Stone, 
1970) and Method II (Stone, 1973).
Oak et. al. (1990) drew the following conclusions based on their experimental three- 
phase measurements. First, the relationship displayed between the relative permeability of a 
given phase and the saturations of the phases is dependent upon the saturation history. The 
authors observed that the oil and gas three-phase permeabilities were each a function of the 
saturations of all three phases for the primary D/D/I case. Whereas, the relative permeability to 
a given phase for the primary IID case depended on the saturation of that phase alone. In both 
cases, the water permeability was solely a function of the water phase saturation.
Oak et. al. (1990) reported mixed results from their comparison of their three-phase 
relative permeability measurements to the predictions of Stone’s methods. The authors found 
that both methods failed for high gas saturations in the primary DDI case while Method II 
yielded better results than Method 1 at low gas saturations. On the other hand in the primary 
IID case. Method I proved to be better than Method II which failed.
Predictive Models and Correlations
In order to model the a tertiary gravity drainage process, its characteristic three-phase 
relative permeability must be estimated. Due to the difficulty of measuring three-phase
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permeabilities directly in the laboratory, numerous models and correlations which predict 
three-phase permeability for use in reservoir simulation have been developed. One popular 
approach correlates the relative permeability of the intermediate-wetting phase (oil) to two sets 
of two-phase relative permeability data. Another approach which has been revisited recently 
attempts to predict relative permeability to a given phase based on a model which represents 
the porous media as a bundle of capillary tubes or as a network of intersecting channels. 
Recent studies show promise for models based on percolation theory and on fractal geometry. 
Correlations Based on Two-Phase Experimental Data
The conventional approach to predicting three-phase permeability has been to 
correlate the three-phase relative permeability to two-phase relative permeability measured in 
the laboratory for both oil-water and gas-oil systems of fluids. Since the first correlation 
developed by Corey et. al. (1956) was presented in 1956, numerous studies have been 
conducted in this area in an attempt to refine the correlation. According to Baker (1988) who 
published an extensive review of the available correlations, many of the models proposed 
following Corey et. al. (1956) were developed based on the same simplifying assumptions used 
by Corey et. al. (1956). The abundance o f studies present in the literature indicate that the 
predictions of these models has been less than satisfactory. Baker (1988) concluded that 
interpolation between permeabilities at the two-phase boundaries often provides a better fit to 
published three-phase experimental data than the theoretical correlations. The study by Baker 
showed that much uncertainty still exists in these correlations and that they are by no means 
universally applicable. Since relative permeability is a strong function of the saturation history 
, the user should beware of the pitfalls inherent in each model and apply the correlation which 
appears to be best suited for the process of interest.
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Corev. Ratlyens. Henderson, and Wyllie (1956)
Corey et. al. (1956) conducted relative permeability tests using nine strongly water- 
wet, Berea sandstone cores. The relative permeability for three separate systems were 
measured. These systems included an oil-brine system, a gas-oil-brine system, and a gas-oil 
system. For the oil-brine and gas-oil-brine systems, each core was saturated with brine and 
flooded with oil until the desired water saturation was reached. After the oil relative 
permeability in the presence of brine was determined for the fixed water saturation, the gas-oil- 
water relative permeabilitites were determined. During the gas-oil-water relative permeability 
tests, the capillary pressure between the oil and gas was controlled. Water production was 
prevented by placing water-repellent capillary barriers on each end of the cores. Data was 
collected for nine values of water saturation which varied from 0.17 to 0.71. The average 
observed residual liquid saturation was about 0.20.
In addition to collecting experimental relative permeability data, Corey et. al. (1956) 
also presented the first model of relative permeability for three-phase flow. Based on 
observations made by Leverett and Lewis (1941), the authors assumed that the relative 
permeability to water is only dependent upon the water saturation. The authors further 
assumed that the relative permeability to water in a oil-water system is equal to the relative 
permeability of oil in an gas-oil system for a given wetting phase saturation. Corey et. al. 
(1956) also assumed that the relative permeability to gas is only a function of the total liquid 
saturation even if no water is present. In other words, the relative permeability of the wetting 
phase is solely a function of the wetting phase saturation, and the relative permeability to the 
non-wetting phase is solely a function o f the non-wetting phase saturation.
The following behavior was observed in every case: (I) For a given wetting phase 
saturation the relative permeability to oil (non-wetting) in the presence of water (wetting) was
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equal to the relative permeability o f gas (non-wetting) in the presence of oil (wetting). (2) For 
a given total liquid (wetting) saturation, the relative permeability to gas (non-wetting) in the 
presence o f oil and brine was equal to the relative permeability to gas (non-wetting) in the 
presence of oil only. These observations tend to validate the simplifying assumptions 
mentioned previously.
Due to the simplifying assumptions, the three-phase relative permeability curves for 
the water phase and the gas phase did not need to be calculated but simply plotted in terms of a 
total liquid saturation. The three phase relative permeability to oil was calculated using the 
following relationship:
..........................(5.1)
where S, denotes the total liquid saturation, Ŝ , denotes the water saturation, and S|r denotes the 
residual liquid saturation. Corey et. al (1956) considered the residual liquid saturation in the 
three-phase system to be numerically equal to the residual oil saturation of a two-phase gas-oil 
system. Corey et. al. (1956) developed Equation 5.1 by representing the porous media as a 
capillary bundle and accounting for the unequal lengths of the flow paths by applying a 
tortuosity factor developed by Burdine (1953). Thus, the relative permeability function was 




where the term outside the integral is Burdine’s tortuosity factor. The authors pointed out that 
the ratio o f integrals implies that only the pores not filled with water can be occupied by oil 
and/or gas and that this assumes water is present both in the smaller pores and as pendular 
rings. Corey et. al. (1956) stated that as a result of this assumption which is reflected in the
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tortuosity term, it follows that oil will be displaced completely except for a remnant film when 
gas displaces the oil from pores containing residual water. Corey et ai. (1956) concluded that 
this assumption is supported by the excellent agreement which was obtained when comparing 
the model’s predictions to the measured values.
Corey et. al. (1956) approximated the gas-oil capillary pressure curve with the 




for S ,  >  S J    (5.3 )
for S , < S ^
where C denotes a scaling factor. Graphical evaluation of the ratio of integrals shown in 
Equation 5.2 using Equation 5.3 gives the following result:
............................
Using the three-phase relative permeability model that they developed, the authors 
generated oil isoperms which were plotted on trilinear paper. Excellent agreement was 
obtained with the experimental data collected using the nine Berea sandstone cores. Based on 
these results, the authors observed that the relative permeability to oil increased for a given oil 
saturation when the water saturation is increased at the expense of the gas saturation. The 
authors stated that this effect is most pronounced for low water saturations.
Stone (19701
In 1970, Stone (1970) presented a probability model for predicting three-phase relative 
permeability relationships based on two-phase relative permeability data. Since its 
development, the model presented by Stone in 1970 has become one of the most widely used 
models and is commonly referred to as Stone Method I. Stone (1970) reports that his technique
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may be regarded as an interpolation between the oil-water, two-phase data and the gas-oil, two- 
phase data. Thus, Stone’s model reduces to the correct two-phase relative permeability in 
regions o f two-phase flow. In developing his model. Stone (1970) makes the same simplifying 
assumptions which were used previously by Corey et. al. (1956). Specifically, Stone assumed 
the relative permeability to wetting phase is solely a function of water saturation and the 
relative permeability to the non-wetting phase is solely a function of the gas saturation. The 
fluid saturations are normalized by treating the connate (irreducible) water and residual oil 
saturations as immobile as follows:
5* = ---------------     (5.5)
where the subscript n denotes the phase of interest (gas, oil, or water) and the subscript nr 
denotes the saturation at which the phase n becomes immobile. For the gas phase, S„r is 
always zero. Note that the residual oil saturation applied to normalize the saturation must be 
the minimum residual oil saturation that will exist in the three-phase system to be modelled. 
Stone (1970) noted that this minimum mobile oil saturation is likely a function of the fluid 
saturations even though it is treated as a constant since insufficient data is available to establish 
its dependence. In general, this minimum saturation is the residual oil saturation in the 
presence of gas.
In his summary of Stone’s Method I, Baker (1988) noted that care should be taken 
when choosing the minimum oil saturation. Baker reported that use of a value for Som which is 
greater than either the residual oil saturation to water or the residual oil saturation to gas will 
lead to a discontinuity in the predicted oil isoperms. Baker also noted that the predicted low- 
permeability oil isoperms are more strongly influenced by the choice of Som than the high- 
permeability isoperms.
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Based on this definition of the normalized saturations, the relationship derived for oil 
relative permeability may be expressed as follows:
............................................... (s 6)
where So* denotes the normalized oil saturation and (3̂  and Pg denote functions which 
represent the impedance effects o f the water saturation and gas saturation, respectively. Since 
the impedance effects of the water and gas are treated as two independent functions, they are 
considered to be mutually independent events. The impedance function for water is obtained 
from the oil-water, two-phase relative permeability data while the impedance function for gas 
is obtained from the gas-oil, two phase relative permeability data. The functions may be 
expressed in the following manner:
= ^  ..........  (5.7a and 5.7b)
Stone (1970) explained that his model assumes a flow behavior which is analogous to 
the channel flow theory which proposes that only one fluid within any flow channel is mobile. 
Furthermore, the wetting phase occupies the smaller pore spaces and the non-wetting phase 
occupies the larger pore spaces and the intermediate-wetting fluid spatially separates the 
wetting and non-wetting fluids. Stones (1970) stated that a consequence of this fluid 
distribution is that the distribution of the water-oil interface in a water-oil system will be 
identical to the distribution of the water-oil interface in a water-oil-gas system for a given 
water saturation and water saturation path. Likewise, the distribution of the gas-oil interface is 
solely a function of the gas saturation and is identical in both the oil-gas system and the water- 
oil-gas system. Stone (1970) reported that this idea of a constant interface position for a given 
saturation provides the basis for assuming that the impedance of oil flow by water and by gas 
are mutually independent events.
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Upon comparing his model’s predictions with published three-phase relative 
permeability data from other studies (Corey et. al, 1956; Saraf, 1966), Stone (1970) observed 
quite good agreement with the data from both consolidated and unconsolidated cores. In all 
cases, the quality of the match decayed as the oil saturation decreased and the relative 
permeability to oil became low.
StQâ C1973J
In developing his second model (Stone Method II) for predicting the relative 
permeability to oil in three-phase flow. Stone (1973) assumed that the sum of the water, oil, 
and gas relative permeabilities is equal to the product of the sum of the oil and water relative 
permeability measured at a gas saturation of zero and the sum of the two-phase gas and water 
relative permeability measured at the irreducible water saturation. The relationship is 
expressed symbolically as follows:
{k„„ + ) ik ^  + k ^ )  ...................  (5.8)
Just as in Stone’s Method I (Stone, 1970), the relative permeability to gas and the relative 
permeability to water are assumed to be identical for both two- and three-phase flow systems. 
Thus, the oil relative permeability in three-phase flow can be determined as follows:
L  = ( L ,  + .............................. (5.9)
Since the base permeability chosen for this model is the permeability to oil at connate
water saturation. Baker (1988) warned that the relative permeability to oil in the presence of
water and the relative permeability to oil in the presence of gas must each equal 1.0 at the 
connate water saturation. Otherwise, the model will not correctly reduce to the correct two- 
phase relative permeability model when the saturation of the third phase is zero.
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Other Versions of Stone’s Methods
Numerous authors have proposed modifications to the models developed by Stone 
(1970, 1973). These studies were summarized in detail by Baker (1988) and include the 
following: Dietrich and Bondor (1976), Aziz and Settari (1979), Payers and Mathews (1984), 
Payers (1989), and Aleman (1985). Baker (1988) stated that the Aziz and Setarri (1979) 
model provides a convenient parameter which may be used to adjust the predicted permeability 
values. This adjustment parameter is required since Stone’s Method I tends to predict on the 
high side and Stone’s Method II tends too predict on the low side. Payers and Matthews (1984) 
developed a correlation for the minimum oil saturation value required by Stone’s model. 
Payers (1987) developed additional forms for the correlation of the minimum oil saturation. 
Baker (1988) also suggested that the modifications made by Payers (1987) could provide a 
better fit in the low oil isoperms. Aleman (1985) developed a statistical structural model 
based on a variation of the classical capillary bundle model which reduces to Stone’s Method I 
model if the relative permeability of the intermediate phase is a linear function of saturation. 
According to Baker (1988), Aleman’s model is sensitive to the minimum oil saturation value 
employed and in some situations can yield results which are not physically realistic. Baker 
(1988) presented an example in which the residual oil saturation to gas (minimum saturation) is 
assumed to be zero. In this case, the predicted oil isoperms depart from reason for oil 
saturation values less than 25%.
Linear Interpolation Methods
Baker (1988) also discussed several models based on linear interpolation between each 
of the two-phase relative permeability curves. One such model was credited to Hite and 
reported by Perry (1980) for modelling studies of the Week’s Island carbon dioxide flooding 
project. Baker (1988) also used linear interpolation between the experimental data in his
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development of two correlations for relative permeability to the intermediate phase. Baker’s 
first model is based on a saturation-weighted interpolation between data points. His second 
model is based on true linear interpolation between data points.
Eanneswat: and MagrefatX
Unlike previous correlations which assumed that only the relative permeability to the 
intermediate phase was affected by the saturation of all three phases, Parmeswar and Maerefat 
(1986) presented a model in which the relative permeability of each phase is related by a 
power-law function to the normalized saturations of all the phases present. Baker (1988) 
reported that this model fit well with much of the experimental data published in the literature 
over the range for which data was available, but Baker (1988) cautioned that the behavior 
outside of this range must also be examined before a judgment can be passed since many times 
the correlations must be used to extrapolate the available data over the entire saturation range. 
Baker(1985)
In 1988, Baker provided a detailed summary of many of the available models, 
developed two new models based on interpolation of two-phase relative permeability data, and 
compared the predictions of the models with published three-phase relative permeability data. 
The author concluded that many problems remain to be solved in this area. These problems 
involve the difficulty inherent in obtaining good quality measurements in the laboratory and in 
accurately modelling the saturation history of many common reservoir processes. Baker 
(1988) advised that each model must be evaluated on a case by case basis to determine which 
available model is best suited to the problem at hand.
Models Based on Network Representation of Porous Media
A second more mathematically intensive technique is to represent porous media as a 
network of channels. Network representations which have been investigated in the past include
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the regular square network (Sahimi et. al., 1986), the Voronol tessellation network [Jerauld et. 
al. (1984,1985)], and the Bethe (tree) network. [Heiba et. al. (1984,1992)]. O f these three 
networks, the Bethe tree representation requires significantly less computation and has been 
shown (Heiba, 1992) to compare well with Monte Carlo predictions on 3-dimensional square 
networks. Studies conducted by Jerauld et. al. (1984, 1985) indicated that a regular network 
can closely approximate transport and percolation characteristics of randomly disordered 
media if the average coordination number of the network is equal to the average coordination 
number of the disordered media.
Heiba et. al. (1992, 1984) developed a relative permeability model based on statistical 
theory and concepts borrowed from percolation theory. The theory involves determination of 
phase accessibility functions and phase conductance functions, random distribution of pore 
space characteristics, and the estimation of allowability and occupancy statistics. One 
advantage to this approach is that the model can be customized to the process of interest. As a 
result, this model may account for saturation history effects such as hysterisis.
Models Ja sed  on Fractal Representation of Porous Media
Another approach to mathematically representing the complex structure of porous 
media is through the science of fractal geometry. Fractal is a term coined by Mandlebrot 
(1982) which refers to a family of shapes which consist of irregular and fragmented patterns 
which may be repeated at all scales. According to Mandlebrot (1982) many shapes in nature 
may be approximated by fractals. These natural shapes range from objects as small as 
snowflakes to objects as large as coastlines. Fractals posses a length dimension, a surface 
dimension, and a volume dimension Just as regular shapes do, but fractal dimensions are non- 
integer numbers which vary between the classical Euclidean geometry dimensions of 1,2, and 
3 for self-avoiding (non-overlapping) fractal patterns.
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Mandlebrot (1982) uses the length of a coastline as an example. The length of a 
coastline can be determined in a variety of ways, but the final answer tends to depend upon the 
scale which is used. Suppose the meandering curve which represents the coastline is 
approximated by a series of line segments of length, s. The total length of the coastline would 
then be the number of line segments used times the length of the line segment which may be 
expressed mathematically as follows:
L{e) = N e°  ...........................................................  (5.10)
The fractal dimension is denoted by the power, D. For now assume that the value of D is 1 as 
expected. If a very large scale is used, many of the irregularities of the coastline become 
indiscernible. As the scale is decreased, more and more features become apparent. As a 
result of this characteristic, the calculated length of the coastline increases as the magnification 
of the image increases. However, the calculated length of a coastline becomes independent 
of scale if a value of D equal to approximately 1.5 is used. Thus, the fractal length dimension 
of a self-avoiding fractal lies between 1 and 2. The same concepts can be applied to area and 
volume also.
Two-phase Relative Permeability to Wetting Phase
In 1985, de Gennes investigated the partial filling of a fractal structure by a wetting 
fluid. The relationships were developed assuming that the wetting phase saturation is near the 
residual or irreducible saturation and that the structure o f porous media can be represented by 
fractal geometry. Considering both the case in which the wetting fluid is distributed in 
disconnected pockets and the case in which the wetting fluid is distributed in connected 
pockets, de Gennes (1985) shows that the hydraulic permeability of the wetting phase is 
proportional to the wetting-phase saturation raised to a power:
K ^ S " :    (5.11)
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The value of the exponent, denoted here as m, depends upon the fluid distribution and the pore 
geometry which is assumed as shown in Table 5.1. In the same article, de Gennes also derives 
expressions for predicting the film thickness of the wetting fluid existing above the meniscus 
in a vertical capillary. The thickness of the wetting film at the truncation level where the film 
becomes unstable is predicted to be a function of the ratio of interfacial tension to the spreading 
coefficient.
Table 5.1: Saturation exponents derived by de Gennes (1985).
Disconnected Pockets Connected Pockets
Pore Structure Exponent, m Pore Structure Exponent, m
Spheroids 1/6 Spheroids 2
Fractal Pits l/(3-DJ Fractal Pits (5-DJ/((3-DJ
Three-Phase Relative Permeability to Intermediate Phase
Kalaydjian et. al. (1993) presented a simple model to predict the relative permeability 
to the intermediate phase in a three phase, positive spreading system in which the wetting 
phase remains at its irreducible saturation.
4 .® .°oo
Figure 5.1: Fractal model of a pore and tube bundle equivalent.
The model consists of a simple fractal (power-law) relationship between the relative 
permeability to oil and the total liquid saturation given the irreducible water saturation and the 
fractal length dimension of the pore space. The model was developed assuming that the 
irregular inner surface of a given pore can be represented as a fractal object and that its fractal
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surface (cross-section) can be modelled as a bundle of parallel capillary tubes as shown by 
Figure 5.1. If the tube radii are related to one another by a power-law relationship, the 




where L denotes the perimeter of the cross-section of a tube of radius R and denotes the
perimeter fractal dimension. Assuming that water is the wetting phase and occupies the
smallest tubes and that oil therefore occupies the larger tubes not occupied by water, a fractal 
expression for the capillary pressure was also developed as follows:
................................................. (5.13)
Kalaydjian et. al. (1993) reported that this model assumes that the water saturation is 
constant and immobile and that spreading oil films are represented as a successive emptying of 
the tubes. Thus, for low oil saturations this model assumes that the oil exists as films between 
the gas which occupies the largest tube (center of pore) and the water occupies the smallest 
tubes and that the hydraulic continuity of the oil is maintained. By combining equations 5.12 




Kalaydjian et. al. (1993) compared three-phase permeability measurements collected 
for a positive spreading system using the steady-state technique with predictions from their 
fractal-based model. The calculations were based on a surface fractal dimension of 2.65 which 
corresponds to the fractal length dimension of 1.65. The fractal dimension used were based on
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the results of imaging studies which yielded a fractal surface dimension for sandstones which 
ranged from 2.3 to 2.87 (Katz and Thompson, 1985). A very good match was obtained for oil 
saturations less than about 0.40.
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Proposed Relative Permeability Model
A vital parameter in the study of any fluid displacement process when using 
conventional numerical reservoir simulation techniques is a representative set of relative 
permeability functions. Due to the high degree of difficulty inherent in obtaining reliable 
relative permeability data experimentally, relative permeability functions for use in reservoir 
simulation studies are typically the first input data targeted for adjustment during the history 
matching phase of the study. Since a key parameter which controls the rate at which oil drains 
is the relative permeability to oil and the rate at which oil drains is a key parameter in the 
economic viability o f a given project, a representative oil relative permeability function is 
necessary to provide a meaningful prediction of oil production as a function of time.
Therefore, a practical result of this body of work would be a relative permeability 
modelling technique which would provide production characteristics representative of a tertiary 
gas injection process. One application of this relative permeability modelling technique would 
be incorporation into a numerical simulator which could then be used for screening candidate 
reservoirs for a tertiary gas injection process. Development o f a practical relative permeability 
modelling procedure which is simple to apply and easy to incorporate into the commercial 
simulators which are currently available is the primary objective of this study. Based on a 
review of the literature, the Corey oil relative permeability model (Corey, 1954) which is 
frequently used for secondary gasflooding studies was selected as a suitable candidate since it 
is both simple and adaptable. I decided to seek a method for extending the use of the Corey oil 
relative permeability model to a tertiary gasflood.
91
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OU Relative Permeability
Based on an extensive review of the literature, the mobilization of water flood residual 
oil in the presence o f gas is generally believed to occur as described in the following summary 
for a positive spreading system. Prior to a tertiary gas injection process in which a pre-existing 
oil bank is absent, the oil is initially distributed as isolated globules throughout the water- 
invaded zone. This isolated oil constitutes the residual oil saturation following a waterflood. 
The rest of the pore space is filled with water which is the mobile phase. The flood proceeds 
initially as a gas-water displacement with contact between gas and oil occurring behind the 
flood front. For a positive spreading system, the oil will tend to spread and form a film between 
the gas and the water once the gas contacts the oil. The oil will then begin to drain downward 
through these spreading films toward the gas front. As the oil drains, it may bank-up at the 
flood front. The formation of a bank will depend upon the relative rates of the injected gas and 
the oil drainage.
If the oil exists primarily in films behind the gas front, a relative permeability model 
which represents film flow is required to simulate the drainage rate behind the front. A 
theoretical analysis presented by Foulser et. al. (1990) indicated that the relative permeability 
to oil when draining through spreading films in the presence of a mobile gas phase and an 
immobile water phase is a function of oil saturation to the third power. Foulser et. al. (1990) 
tested their theory and reported that use of the Corey relative permeability model with a Corey 
exponent of 3 and a residual oil saturation to gas of 0 yielded a reasonable fit to the oil relative 
permeability data reported by Naylor and Frorup (1989). Foulser et. al. (1990) concluded that 
further experimental work is required to test the general applicability of the cubic relationship. 
Due to the promising results reported by Foulser et. al. (1990) and the simple and adaptable 
form of the Corey model, this oil relative permeability model is suitable for the current study.
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Theoretical Basis for Proposed Oil Relative Permeability Model
Foulser et. al. (1990) credited Nusselt (1916) with the following expression relating the 
flow rate (per unit width o f surface) of a wetting film on a vertical plate:
  (61) 
3 H
where h denotes the thickness of the film, the density contrast is between the draining film and 
the contacting gas, and the viscosity is that of the draining film. Castelijns and Hagoort (1982) 
applied this result to oil flow between two parallel plates and studied the flow of oil through 
fractures. Foulser et. al. (1990) used an approach similar to Castelijns and Hagoort (1982) to 
apply Equation 6.1 to the flow of water and oil films flowing within vertically-oriented 
capillary tubes.
Foulser et. al. (1990) considered a capillary tube in which the center is occupied by the 
non-wetting phase (gas), the non-wetting phase is enveloped by a film of the intermediate 
phase (oil), and the intermediate phase is enveloped by the wetting phase (water) which coats 
all surfaces of the capillary tube. If the flow o f each phase is steady and laminar, then 
Conservation of Momentum requires the following:
P S ~ ~ f
w, = — — yAi  I n ^ ^ j  -  r^J for i = w, 0 .................................... .(6.2)
where the subscripts w and o denote water and oil, respectively. Assuming that the mobility of 
the gas phase is infinite, the pressure gradient in the gas phase must be equal to the density 
gradient in the gas phase. Assuming that the only potential gradient for flow is due to the 
density difference between phases and that the gas phase is infinitely mobile yields the 
following relationship:




4//, I  U ,
Assuming that no slip occurs at the tube wall and that the oil and water are moving at 
equal velocities at the water-oil interface and that no discontinuities occur in the viscous 
stresses at either fluid interface allows the constants A and B to be evaluated for each of the 
phases. These constants are a function of the density differences between phases, the 
mobilities o f the phases, and the position of the fluid interfaces between the phases. Refer to 
Appendix A for the expression which may be evaluated for the value of these constants.
By evaluating the total volumetric flow rate of the oil phase using Equation (6.2) and 
by expressing the saturation of each phase in terms of the fractional cross-sectional area which 
it occupies and by assuming that the total liquid saturation is much less than 1.0, the following 
relationship between oil relative permeability and saturation may be found:
/  \
Py~P%
\ P o - P g j
{ S .+ ( l -S , ) ln ( ( l - S . ) ) } S „
.............................  (6.3)
A . .......................................  " 3 (1 -S .) '
As the water saturation approaches zero. Equation (6.3) reduces to the following 
function of oil saturation:
........................................... (6.3a)
Foulser et. al. (1990) derive a second expression relating oil relative permeability to the 
cube of oil saturation based upon drainage of an oil film over a column of spheres packed in a 
cubic lattice. Assuming that the effects of column to column contacts are negligible yields the 
following expression for oil rate as outlined in Appendix A:
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where ti is a coefficient which is not very sensitive to rate and has a value of approximately 
2.6. Each of these theoretical models suggest a cubic relationship between oil saturation 
and the relative permeability to oil during film drainage as the water saturation approaches 
zero. Foulser et. al. (1991) speculated that the appearance of the same relationship in a pair of 
geometries of increasing complexity may support its validity in the more complex geometry of 
porous media.
Proposed Oil Relative Permeability Model
As discussed during the theoretical development, the proposed cubic relationship 
between the relative permeability to oil and the oil saturation results when the water saturation 
is assumed to be immobile. The assumption of immobile water where oil drainage is occurring 
is consistent with a piston-like displacement o f the water ahead of the gas front. In a piston-like 
displacement of movable water by gas, the water saturation behind the gas front is a constant 
equal to the irreducible water saturation. If the oil drains only after the gas front has passed, the 
water saturation in all areas where oil flow occurs is equal to the irreducible water saturation. 
In this instance, the Corey relative permeability model (Corey, 1954) developed for oil flow in 
the presence of mobile gas and immobile (irreducible) water can be used. This oil relative 
permeability relationship which is frequently used in gasflooding studies can be expressed as 
follows:
S o  -
l - 5 „ . ~ ^ o r g
(6 j)
where C is a constant which will be referred to as the Corey coefficient and n is a constant 
which will be referred to as the Corey exponent. The saturation term raised to the exponent n is
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a normalized oil saturation function. The normalized oil saturation is defined as a ratio of the 
difference between the oil saturation of interest and the minimum oil saturation to the 
difference between the maximum oil saturation and the minimum oil saturation. Notice that 
the Corey coefficient represents the relative permeability to oil at the maximum oil saturation 
which corresponds to a normalized oil saturation of 1.0. Thus, the Corey coefficient should be 
set equal to the relative permeability to oil at the irreducible water saturation.
Initially, 1 was concerned that the assumption of immobile water where oil was 
draining would lead to an unacceptable error. Based on the displacement scenario outlined at 
the beginning of this section, three situations exist which control the relative permeability to 
oil. First, gas displaces water and the oil remains immobile. In this case, the relative 
permeability to oil is zero. This situation exists until the gas has accumulated enough to drive 
out some of the mobile water and smear the oil behind it. Second, the oil exists as a film 
between the gas and the water and drains downward through films behind the gas front. In this 
case, the relative permeability to oil is low, but is no longer zero. Third, the oil has drained 
downward and formed a bank behind the gas front. In this case, the oil saturation may exceed 
the residual oil saturation to waterflood. In the third case, if the oil saturation is high enough 
that film flow is no longer the predominant drainage mechanism, the Corey exponent may no 
longer be equal to 3. Therefore, the numerical model was developed such that it allows a 
different Corey exponent and Corey coefficient to be assigned based upon the present position 
of the model grid block relative to the flood front and the oil bank (if it exists). Each oil 
permeability function is chosen such that no discontinuities exist in the oil relative permeability 
curve once the oil becomes mobile.
The current position of each model grid block relative to the flood front (ahead or 
behind) and the oil bank (within or behind), is determined as a function of time by the gas and
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oil saturations in the model grid block. If the gas saturation is below a minimum value 
required for oil film drainage to occur, the relative permeability to oil is determined by the 
function input for the gas-water displacement case. The oil relative permeability assigned 
during the gas-water displacement prior to film flow is always zero.
Once the gas saturation reaches the minimum value for oil films to exist, the oil 
relative permeability is either determined by the relative permeability function input for film 
drainage behind the oil bank or by the relative permeability function input for oil flow within 
the oil bank. The location of the oil either behind the oil bank or within the oil bank is 
determined by the oil saturation. If the oil saturation is less than or equal to the residual oil 
saturation to water flood, the model grid block is designated as behind the oil bank. If the oil 
saturation is greater than the residual oil saturation to waterflood, the block is included within 
the oil bank.
A different Corey exponent and coefficient can be input to model the oil relative 
permeability within the oil bank since the oil within the bank is no longer distributed in films. 
Care must be taken so that no discontinuities in the oil relative permeability function are 
created. However, this additional complication is unwarranted for the cases studied here since 
the predicted oil saturation within a grid block does not rise more than 10% to 15% above the 
residual oil saturation to waterflood during the numerical simulations.
Using the Corey gasflooding relative permeability model only requires input of the 
endpoint saturations, the endpoint permeability, and an assumed exponent. The irreducible 
water saturation and the relative permeability to oil at the irreducible water are experimentally 
measured values which may be determined during standard two-phase relative permeability 
measurements. The irreducible water saturation may also be estimated from well log analysis. 
The residual oil saturation to a gasflood is not typically measured, but theory suggests that it
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should be zero. The results of an analysis performed by Naylor and Pincezewski (1991) support 
this theory, especially for a tertiary gasflood. Finally, the theoretical film drainage analysis by 
Foulser et. al. (1990) suggests the Corey exponent should be equal to 3.
Assuming a Corey exponent of 3 and a residual oil saturation to gasflood of zero, 
Foulser et. al. (1990) chose the Corey coefficient which gave the best fit to the data collected 
by Naylor eL al. (1989, 1991). The results of their analysis are shown in Figure 6.1. Even 
though the “best fit” Corey exponent is near 3 as expected, the Corey coefficients reported by 
Foulser et. al. (1990) based upon data collected by Naylor et al. (1989) were much lower than 
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Figure 6.1: Proposed oil relative permeability model for film flow.
Oil Relative Permeability Function Developed bv Others
Using the same approach which has been outlined in this body of work, Hustad and 
Holt (1992) also developed an oil relative permeability model based on a simulation study of
Reproduced with permission of the copyright owner. Further reproduction prohibited without permission.
99
laboratory corefloods conducted in a consolidated sandstone core containing synthetic brine 
and hydrocarbons. Rather than using the Corey relative permeability model, Hustad and Holt 
(1992) modified the Stone Method I correlation to match the simulator’s predictions of 
produced volumes as a function of volume injected with the observed production behavior. 
This method is more complex than the Corey model discussed earlier in this section.
Hustad and Holt (1992) modified the Stone Method I correlation by applying an 




o *  Ç    n m in
................
Recall from the previous discussion of relative permeability correlations (Chapter 5) 
that each of the relative permeability values input into Stone’s correlation are derived from 
measured two-phase relative permeability data for both gas-oil and oil-water systems. The 
minimum saturation to each phase, S™" is also based on the two-phase measurements, but 
often requires modification to produce a representative oil relative permeability function. 
Hustad and Holt (1992) achieved a good match on observed production by adjusting the two- 
phase endpoint saturations and by setting the exponent n equal to 4 (rather than 1). An 
exponent greater than 1 causes the three-phase oil relative permeability at low oil saturations to 
approximate a linear interpolation between the oil-water and gas-oil two-phase data. Recall 
Baker (1988) reported that linear interpolation between the data at the two-phase boundaries 
often provided as good a fit as the published theoretical three-phase correlations. Baker (1988) 
also observed that Stone’s Method 1 tended to predict high for oil saturations less than 20%.
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Gas and Water Relative Permeability
The relative permeability functions input for the water and gas relative permeability 
were initially based on exponents and coefficients derived from the two-phase relative 
permeability data published by Oak et. al. (1990) and on the measured endpoint permeabilities 
and saturations published by Lepski (1996). An example of the water and gas functions 
considered for input in the numerical simulation of the consolidated Berea sandstone cores are 
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Figure 6.2: W ater relative permeability function for simulation o f Berea corefloods.
The water and gas relative permeability functions which 1 used in the simulation of 
Lepski’s gasfloods are analogous to the Corey oil relative permeability function. Each is equal 
to the product of a coefficient and the normalized saturation of each phase raised to an 
exponent, n. The normalized water and gas saturations are defined as follows:
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s , - s r for i = w or g (6.8)^max  grmm
where the subscripts w and g  denote the water and gas phases, respectively. Therefore, a 
knowledge of or an estimate of the two-phase endpoint saturations and relative permeabilities 
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Figure 6.3: Gas relative permeability function for simulation of Berea corefloods.
The use of the two-phase relative permeability data for the water (wetting) phase and 
the gas (nonwetting) phase is based on the supposition presented by Corey et. al. (1956) that 
the position of the water interface within the pore space is a function of water saturation only 
and that the position of the gas interface is a function of the total liquid saturation only. 
Therefore, the relative permeability to water and the relative permeability to gas depend only
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on their respective saturations. As discussed previously, this assumption is supported most 
recently by the data collected by Oak et. al. (1990).
Capillary Pressure
Capillary pressure measurements were unavailable for the core and sand packs used by 
Lepski (1995,1996). Therefore, the literature was reviewed until suitable substitute data was 
found. Those articles discovered in the search have been discussed previously. For simplicity, 
the same assumptions made regarding the relative permeability to water and to gas were 
extended to the oil-water capillary pressure and the gas-oil capillary pressure. That is, the oil- 
water capillary pressure is a function only of the water saturation, and the gas-oil capillary 
pressure is a function of gas saturation (total liquid saturation) only. Three-phase capillary 
pressures were not considered.
In order to transfer the published capillary pressure to the core and sand packs used by 
Lepski (1996), the capillary pressure data was converted to a dimensionless capillary pressure 
using the Leverett J Function (Leverett, 1941) and then fitted to a power-law function for ease 
of input. The capillary pressure curves input into the numerical model for the Berea core 
originated from the measurements made by Dehghani et. al. (1989) using the Hassler and 
Brunner Method (1945) on a Berea sample.
The capillary functions input into the numerical simulation are compared to the data 
reported by Dehghani (1989) in Figure 6.4 (dimensionless form) and Figure 6.5. The capillary 
pressure data input into the numerical model for the sand pack originated from a curve 
presented by Whillhite (1986) for a coarse-grain sand pack. The capillary pressure functions 
input for numerical simulation of the sand packs are compared to the Whillhite data in Figure 
6.6.
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Figure 6.4: Dimensionless capillary pressure function fo r simulation of Berea corefloods. 
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Figure 6.5: Corresponding capillary pressure curves for simulation o f Berea corefloods.
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Figure 6.6: Capillary pressure function for sim ulation o f sand pack gasfloods.
Verification of Proposed Relative Permeability Model
To test the proposed relative permeability model, I used the physical tertiary gas injection 
modelling study conducted by other members of the LSU-Amoco Technology Transfer Research 
Team in both consolidated Berea sandstone cores and unconsolidated sand packs at high 
temperature and pressure with crude oil (Lepski, 1995 and 1996). To simulate the displacement 
in the laboratory corefloods conducted by Lepski (1995,1996), a one-dimensional, three-phase, 
steady-state, IMPES (Implicit Pressure, Explicit Saturation) simulator which included the effects 
of both gravity and c^illary forces was developed.
Development of Three-Phase Numerical Model
Numerous commercial reservoir simulators are available that could make use of the 
proposed relative permeability functions. Since all numerical simulators are based on the same 
fundamental differential equations, the verification of the Corey oil relative permeability model
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Imposed for film flow could be carried out on any of these commercial simulators. However, 
commercial simulators are generally not well-suited for modelling bench scale experiments. 
Therefore, the decision was made to develop a linear, three-phase, numerical simulator 
specifically designed for modelling laboratory-scale experiments.
Fundamental Differential Equations
The numerical model was developed based on the difiusivity equation written separately 
for each of the three phases in the system. The potential gradient term in each equation includes 
a correction for gravity as follows:
For the oil phase : —
dx
For the water phase:
dx
A k k ^ fd p ^  d D \
V. /







Since the numerical model was developed exclusively for modelling bench scale vertical 
corefloods, the average system pressure and all fluid properties were assumed to be constant and 
all flow was assumed to be in the vertical diiectioiL In addition, since the experiments of interest 
involved an inert gas (Nz), mass transfer between the three-phases was small and was neglected.
Hnite Difference Approximation of Differential Equations
The solution of the fundamental diflerential equations can be ^p^oximated by the finite 
difference method which involves replacing the partial derivatives with finite difference quotients. 
Using a block-centered grid system to express the spatial derivatives and upstream weighting for 
the mobility terms and assiuning a constant block length and absolute permeability, the following 
numerical expression can be derived for the oil phase:
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k , i ,+i k / , \ ; k
 (6.12)
The superscripts on the left side of the equal sign denote position and on the right side 





The Implicit Pressure Explicit Saturation (IMPES) solution technique was used to solve 
this system of finite difference equations. If the numerical expressions for the three phases are 
added together, the right side (saturation quotients) of the resulting equation will sum to zero 
since the sum of the three saturations must always equal imity. The terms remaining on the left 
side of the resulting expression are only a fimction of the pressure in each phase if the saturation 
dqrendent terms are evaluated based on the saturation at the previous time step. The expression 
can be written in terms of the oil pressure alone if the water and gas pressure are related to the oil 
pressure by c^illary pressure. The capillary pressure is known if it is evaluated at the previous 
time-step along with the relative permeability. In this manner, an expression in which the 
pressure in the oil phase is the only unknown can be derived. Therefore, the oil pressure can 
be solved for implicitly. The tridiagonal solution algorithm was chosen for directly solving the 
pressure matrix. Once the pressure in the oil phase at the new time is known, the pressure in the
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gas phase and the pressure in the water phase can be solved for directly using the capillary 
pressure relationship between the oil and water and oil and gas phases, respectively. Once each 
of the phase pressures are known, the saturations at the new time can be solved fcr explicitly.
Boundary Conditions
The corefloods conducted by Lepski (1995) were designed such that the gas was injected 
at a constant rate and the bottom end of the core was maintained at a constant pressure. The gas 
rate was controlled by a pump and the end pressure was maintained below a specified value by a 
back pressure valve. (More details regarding the experimental apparatus are given by Lepski
(1995).) Once the gas cut reached approximately 95% of the produced volume, Lepski stopped 
injection of the gas and shut-in the core. After a period of time, the gas injection into the top of 
the COTe and the production of fluids fiom the bottom of the core were resumed. Therefore, two 
sets of boundary conditions existed. When gas injection was underway, the top cell of the core 
received fluid at a constant rate and the outlet of the cere maintained a constant pressure. When 
the core was shut-in, the top of the core was maintained at a constant pressure and the potential 
gradient at the bottom core boundary was zero.
Comparison of Results from Numerical Model to Experimental Data
The numerical model was used in conjunction with the experimental data collected by 
Lepski (1995,1996) to test a model for the proposed relative permeability modelling technique for 
a tertiary gravity drainage process. An excellent match was obtained to both the data collected 
using the sandpack and the data collected using the consolidated Berea core. The relative 
permeability and capillary pressure curves obtained fiom the history match of the cumulative 
production were then employed to predict the poduction behavimr of two additional sets of data 
collected with variable shut-in times using the same Berea core. Overall, the predictions agreed 
very well with the observed production behavior.
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Excellent results were obtained based on the fluid and rock properties measured by 
Lepski (1995,1996) and the relative permeability and capillary functions developed based on data 
fiom other investigators (Oak e t al., 1990; Dehghani e t  al., 1989). With a few minor changes to 
the original input data, the numerical naodel correctly predicted the cumulative volumes ^oduced 
as a function of time for b(*h the consolidated and unconsolidated media.
1 IncnnsnlidatRd Sand Pack Displacements
Since water, oil, and gas poduction data were available and c^illary pressure effects 
are expected to be less significant in a coarse-grained sand pack, the sand pack experiment 
designated as Experiment No. 3 by Lepski in his 1995 study was modelled first. Due to 
difficulties encountered when measuring the gas poduction. Experiment No. 3 was the only data 
set for which gas production is available. Listed in Table 6.1 are the relative permeability and 
capillary pressure parameters used in the input data set for each of the cases modelled. The 
cases modelling the sand packs are designated with the letters SP and a number to designate the 
pack number and the case number. The cases modelling the Berea core are designated with the 
letter B and a number to designate the experiment w  run number and the case number.
The experiment number or run number does not imply chronological order, but the case 
number does. For example, Berea Run No. 1 ( Lepski, 1996) is designated as Case Bl.O. The 
number “1” correlates to the number designation used by Lepski (1996) in his study. The second 
number “0” corresponds to the simulation order for the particular experimental data set. The 
initial simulation for a particular experiment will always be designated with a “0”.
Recall that both the gas-oil and oil-water capillary pressure curves are input into the 
numerical model as a dimensionless capillary pressure (Leverett, 1941) fitted to a power function 
of the iKxmalized saturation of the wetting phase (water or total liquid). Since the exponent of 
the power function is equivalent to the slope of the straight-line function when plotted on a log-
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log plot, it is designated in Table 6.1 as the slope of the dimensionless capillary function. The 
same practice is followed regarding the relative permeability input functions. As discussed 
previously, tfie relative permeability of each phase is treated as ttiough it were a power function 
of its normalized saturation only. Note that the relative permeability at a normalized saturation 
of 1.0 represents the relative permeability at the maximum saturation of the phase of interest













Irreducible water saturation 0.18 0.13 0.40 0.30 0.30 0.30
Residual oil saturation 0.19 0.16 0.30 0.30 0.30 0.30
Krw at residual oil 0.50 0.50 0.50 0.08 0.08 0.08
Kro at irreducible water 0.90 0.97 0.80 0.95 0.95 0.95
Krg at residual liquid 0.90 0.97 0.80 0.95 0.95 0.95
Log-log slope of water curve 3 2.7 3 3 3 3
Log-log slope of oil curve 3 2.7 3 3 3 3
Log-log slope of gas curve 2 2 2 2 2 2
Critical gas saturation 0.20 0.15 0.10 0.10 0.10 0.10
Minimum S, fix flow of oil 0.20 0.15 0.10 0.10 0.10 0.10
Dimensionless Poow at S* m» 55 55 256 256 256 256
Dimensionless Pao at Shq 55 55 256 256 256 256
Slope of dTess Pm* function -0.27 -0.27 -0.97 -0.97 -0.97 -0.97
Slope of dTess Pc«, function -0.27 -0.27 -0.97 -0.97 -0.97 -0.97
Shown in Rgures 6.7 through 6.10 are the results &om the numerical modelling of the 
sand pack flood designated as Experiment No. 3 by Lepski (1995) and designated herein as 
SPl. 1. Notice that tfie results are presented as cumulative pore volumes produced versus time in 
Figures 6.7 and 6.8 and cumulative pore volumes produced as a function of cumulative pore 
volumes injected in Figures 6.9 and 6.10. Note that the horizontal lines between experimental 
points on Rgure 6.7 and Rgure 6.8 correspond to shut-in periods. The data points denote the 
production reported by Lepski (1996), and the solid curves denote the predictions of the 
numerical model.
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Figure 6.7: Numerical predictions of liquid production vs. time fo r Case S P l.l.
An excellent match between the experimental production and the predicted production for 
all three phases is obtained using the input parameters displayed in Table 6.1. Both the oil and 
water relative permeability functions input were based upon the relative permeability 
endpoints measured by Lepski (1995-96) and the study by Foulser et. al. (1990) which 
suggested that the relative permeability to a phase in film flow may be approximated by a 
function of the phase’s saturation raised to the third power. The gas relative permeability 
function was based on the data pesented by Oak et. al. (1990). The dimensionless capillary 
pressure function was based on a curve-fit to the gas-oil capillary pressure curve presented by 
Willhite (1986) for a coarse-grained Ottawa sand pack. These functions are illustrated in 
Appendix B in Rgures B l.l through B 1.4.
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Figure 6.8: Numerical prediction of gas production vs. time fo r Case S P l.l.
Based on peliminary {Mictions made for SPl.O (which is not shown here) by the 
numerical model it would appear that the irreducible water saturation reported by Lepski (1995) 
for Experiment No. 3 was too high. If the value reported by Lepski is used, the numerical model 
predicts a cumulative water production significantly lower than that observed by Lepski even if 
an unreasonably high relative permeability to water is input The results shown in Figures 6.7- 
6.9 for Case SPl.l were obtained by lowering the irreducible water saturation fiom 22% to 18% 
and raising the relative permeability to oil at the irreducible water saturation fiom about 0.75 to 
0.90.
In a later study, Lepski (1996) built a second sand pack with finer-grained sand than the 
first. This second sand pack of lower permeability and porosity has been designated as SP2 
herein. The fiaction of residual oil recovered in this experiment after about 0.8 PV injected was
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Figure 6.9: Numerical predictions of liquid production vs. gas injected for Case S P l.l.
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Figure 6.10: Numerical predictions of gas production vs. gas injected for Case S P l.l.
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only about 0.10 as compared to about 0.50 for the first sand pack (SPl). Aside fiioni using a 
different sand pack of lesser permeability, the second set of data (SP2) was collected at a higher 
temperature (205 F), at a higher injection rate (30 cc/hr), and with a single shut-in period. Any 
of these differences may have contributed to the lower oil recovery.
A LIQUID SAND PACK NO. 2 
LEPSKI (1996) No. 1
0.75 --
o OILQ

























CUMULATIVE PO RE VOLUMES INJECTED 
Figure 6.11: Numerical predictions of liquid production vs. gas injected for Case SP2.1.
Again with only a slight lowering of the irreducible water saturation value reported by 
Lepski (1996), the numerical model correctly predicted the cumulative volumes produced from 
the tertiary gasflood of the second sand pack (SP2). The model results which have been 
designated as Case SP2.1 are displayed in figure 6.11 as a function of pore volumes injected. 
The gas production was not reported by Lepski (1996) for this experiment The experiment 
ended after about 170 hours after the start of injection and included a single shut-in period which 
began about 105 hrs after the start of injection (0.70 PV injected).
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As shown in Table 6.1, the numerical predictions for Case SP2.I were based on the same 
gas relative permeability and capillary pressure functions as were used in Case S P l.l. In order 
to correctly predict the oil and water production the “slope” of the oil and water relative 
permeability functions was slightly altered from a value of 3.0 to 2.7. The endpoint relative 
permeability for the water remained unchanged at 0.50 and the endpoint permeability for the cnl 
was increased slightly from 0.90 to 0.97 in order to better match the value measured by Lepski
(1996) for this parameter.
Consolidated Berea Core Displacements
Of the three data sets available from the Berea corefloods conducted by Lepski 
(1995,1996), a match was achieved on the coreflood designated by Lepski (1996) as Run No. 1 
and denoted herein as Case HI. The numerical modelling studies of the Berea corefloods were 
conducted in the same maimer as the studies of the sand pack discussed previously. The water 
and gas relative permeability functions and the dimensionless capillary functions were based 
upon data collected in a published study conducted in a similar Berea core by Oak et. al. (1990). 
The oil relative permeability function was based upon the study conducted by Foulser et. al. 
(1990) which proposed that the relative permeability to oil in film flow may be approximated by 
a function of the oil saturation raised to the third power. Just as in the sand pack studies, this 
theory is supported by the numerical simulation of the Berea cwefloods.
Lepski (1995,1996) reported the final water saturation after oilflooding this cOTe ranged 
fix)m 39% to 45% and the final oil saturation after waterflooding ranged fix)m 30% to 38%. The 
measured entÿoints of the waterflood relative permeability curves ranged from 0.07 to 0.13 for 
water at the residual oil saturation and ranged from 0.43 to 0.87 for oil at the reported irreducible 
water saturation. A summary of this relative permeability data reported by Lepski (1995,1996)
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for the Berea corefloods is given in Table 6.2. Notice that the permeability to water at the 
residual oil saturation decreases as the residual oil saturation increases. Also notice that the 
permeability to oil measured in each experiment is essentially the same. One would also expect 
the absolute permeability to remain unchanged between experiments. If the absolute 
permeability were to remain constant for the core as expected, the endpoint relative permeability 
to oil for each repetition of the coeflood would also remain constant as expected.
T able 6.2: Summary of relative permeability da ta  for Berea core (Lepski (1995,1996)).
Swir Sorw ko at Swir k*at Sorw kah«
Berea exp. 5 0.39 0.38 240 md 24 md 407 md
Berea no. 1 0.45 0.30 239 md 46 md 458 md
Berea no. 2 0.44 0.35 239 md 28 md 330 md
Shown in Rgure 6.12 is a plot of the oil relative permeability function input into the 
numerical model for each of the cases considered. Using an absolute permeability for the core of 
458 md gives a relative permeability to oil of about 0.5 at an oil saturation of about 55%. Notice 
that this value agrees well with the oil relative permeability function plotted in Figure 6.12. The 
relative permeability to oil for Berea no. 2 is higher than the trend since the reported absolute 
permeability was 330 md rather than 458 md. Using the water permeability-absolute 
permeability pairs for each run, the relative permeability to water ranged from 0.06 to 0.10 for 
water saturations ranging fiom 0.62 to 0.70. As shown by Figure 6.13, these measured values 
for water relative permeability also agree quite well with the function input into the simulator.
The production data reported by Lepski (1996) for Run No. 1 (Case B 1) showed a slight 
anomaly in the oil production. Almost immediately upon start-up of gas injection, 9 cc of oil 
were produced. Oil production then ceased and oil breakthrough was seen again in a more typical 
fashion later in the flood. In theory, the oil present in the core is immobile at the start of the 
gasflood. Therefore, the poduction data was corrected by subtracting the 9 cc from the oil
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Figure 6.12: Oil relative permeability input in simulation o f B erea corefloods.
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Figure 6.13: W ater relative permeability input in simulation of B erea corefloods.
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Figure 6.14: Numerical prediction of liquid production vs. time for Case B1.0.
Just as in the sand pack modelling studies, the early model predictions based on these 
reported values tend to indicate that the reported irreducible water saturation is too high. Shown 
in Figure 6.14 is a plot of the model predictions for Case Bl.O compared to the experimental 
data and listed in Table 6.1 are the relative permeability and capillary pressure parameters used 
in the input data set for this case. As before, the cumulative fluid produced has been normalized 
by the pore volume of the core. The data points denote the production reported by Lepski (1996), 
and the solid curves denote the pedictions of the numerical model. The shut-in period occiurs 
after about ICX) hrs which is equivalent to about 0.4 pore volumes injected.
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An irreducible water saturation of 0.40 and a residual oil saturation of 0.30 were used 
as input for Case B1.0. Even though both the predicted cumulative oil volume and water volume 
agree very well with the observed cumulative oil and water volumes, the oil production is 
overestimated and the water production is underestimated after the shut-in period. The flat 
character of the predicted water production curve after the shut-in period seems to indicate that 
an insufQcient volume of mobile water remains. This shortfall o f mobile water may indicate that 
the irreducible water saturation reported by Lepski (1996) is too high. The final average water 
saturation seen by Lepski was probably not the irreducible water saturation.
Several observations tend to support the supposition that the irreducible water saturation 
reported by Lepski (1996) is too high. First, the relative permeability to oil at the irreducible 
water saturation reported for the first Berea run ranges firom 0.43 to 0.51. These estimates are 
lower than expected, especially when compared to the value of about 0.85 reported by Oak et. al. 
(1990) at a irreducible water saturation of about 0.30 for a Berea core of similar properties. An 
irreducible water saturation of about 0.30 was also observed in other flooding studies conducted 
at LSU with Berea cores. If the oilflood were not conducted long enough to reach the true 
irreducible water saturation, the oil relative permeability at the end of the oil flood would be 
lower than expected.
Assuming that the 30% irreducible water saturation is more representative, an excellent 
match of the experimental data was achieved and has been designated as Case B 1.1 as shown in 
Rgures 6.15 and 6.16. Each of the relative permeability and capillary functions input in this case 
are listed in Table 6.1. Each of the input ftmctions show excellent agreement with published data. 
In particular, the water and oil relative permeability functions show excellent agreement with the 
measured relative permeability values reported by Lepski (1995,1996) as shown in Rgures 6.12 
and 6.13.
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Figure 6.16: N u m ^ c a i prediction of liquid production vs. gas iqjected for Case B l.l .
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Since all of the Berea corefloods were conducted in the same core and in the same 
manner, the numerical model should be able to successfully predict the production behaviw of 
the other corefloods —  all things being equal —  using the relative permeability and capillary 
pressure functions derived &om the history match of Berea Run No. 1 (Case B l.l) . In practice, 
this theory held true better than expected.
Illustrated in Figure 6.17 are the predictions from the numerical model for the Berea 
Exp. 5 (Lepski, 1995) designated as Case B5.0 in which the relative permeability and c^illary 
functions and en(%x)int saturations are exactly the same as in Case B l.l. With the exception of 
an under-prediction of oil poduction in the early time, the predicted production agreed 
excellently with the production observed by Lepski (1995). At the end of the coreflood, both the 
predicted water production and the predicted oil production matched very well with the observed 
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Figure 6.17: Numerical prediction of liquid production vs. time for Case B5.0.
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Using tbe relative permeability functions and capillary pressure functions as in Case 
B l.l, the numerical model was used again to predict the production behavior of the third 
coreflood conducted by Lepski (1996). This coreflood is conducted under exactly the same 
experimental conditions as the first Berea run. Plotted in Rgures 6.18 are the results fiom the 
numerical model for Case B2.0.
In this instance, the simulator predicts the early oil poduction very well but over­
predicts the ofi production at the end of the coreflood. The simulator predicts a greater increase 
in oil recovery due to the greater shut-in time for Berea Run No. 2 than that which was observed. 
The simulator also over-predicts the cumulative water production although the water rate (slope) 
appears to agree with the observed water rate following the shut-in period. Since the measured 
absolute permeability (330 md) reported for the second Berea run was significantly lower than 
the absolute permeability (458 md) for the first Berea run, a second prediction using the lower 
absolute permeability was run to see if the simulator would more closely match the observed 
data. The results for the second prediction (Case B2.1) are plotted in Figure 6.19.
The simulator’s pediction for Case B2.1 is consistent with its prediction for Case B5.0. 
That is, the early oil p-oduction was under-estimated, and the final oil production showed very 
good agreement with the observed value. Again, the pedicted water production matched very 
wen throughout the simulation. One possible explanation for the reduction in permeability 
between runs is the migration of fine particles witfiin the pore space of the core during the core 
cleaning process.
Prediction of Saturation Profiles within the Consolidated Berea Core
Shown in Rgures 6.20 and 6.21 are plots of the water saturation as a function of position 
within the core for Case B l.l and Case B2.1, respectively. These figures illustrate the 
banking of the water phase at the bottom of the core during the shut-in period.
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Figure 6.19: Numerical prediction of liquid production vs. time for Case B2.1.
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Figure 6.20: Predicted water saturation profiie for Case B l.l .
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Figure 6.21: Predicted water saturation profile for Case B2.1.
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Figure 6.23: Predicted saturation distribution after 100 hrs of injection for Case B l.l .
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Figure 6.25: Predicted saturation distribution a t end of tertiary  gasflood for Case B l.l .
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Illustrated in a series of plots designated as Figures 6.22 through 6.25 are the predicted saturation 
distributions for the three phases as a function of elapsed time during the tertiary gasflood for 
Case B l.l. The saturation of each phase is plotted on an area plot to illustrate the fraction of the 
pore space which it is occupying at a given time during ttie gasflood. As shown by this series of 
figures, the numerical simulator predicts an increase in water saturation in the bottom of the core 
and a redistribution of the fluids in the cote during the shut-in period. The liquids drain toward 
the bottom and the gas migrates toward the top.
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Chapter 7
Implications of Proposed Relative Permeability Model
The relative permeability functions which resulted from the numerical modelling study 
of the corefloods conducted by Lepski (1995,1996) were incorporated into an analytical 
streamtube model which may be used to predict production as a function of time for a given 
reservoir geometry and well configuration. The purpose of this reservoir-scale modelling study 
was to gain a better understanding o f the practical implications of the relative permeability 
functions obtained in the laboratory-scale modelling study. This streamtube model may also be 
used to investigate the sensitivity of various parameters, such as fluid density and mobility, on 
oil recovery. In addition, it can be used to screen reservoir candidates for the tertiary gas 
injection process.
Development of Streamtube Model
The basic streamline tracking model employed in this study is based upon a simplified 
form of the difïusivity equation which was developed assuming steady-state, two-dimensional 
flow in a homogeneous, isotropic, infinite system containing a single well. This form of the 
diffusivity equation is based on the conservation of matter, Darcy's law, and an equation of 
state assuming a slightly compressible fluid.
EundamentaLEquatiflns.
The differential equation governing flow in this steady-state system in radial 
coordinates is as follows;
..................................................
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Because the flow for a single well centered within an infinite system is radial. Equation 7.1 can 
be further simplified as follows;
- ^ ( r ^ )  = 0 .....................................................................  (7.2)
r dr dr
Upon integrating Equation 7.2 and substituting boundary conditions and then manipulating the 
result algebraically, the following solution for flow potential as a function of radius can be 
obtained:
= ................................ (7.3)
Converting Equation 7.3 to Cartesian coordinates and taking the partial derivatives with
respect to x and y of the resulting equation, the partial derivatives of the potential function are
as follows:
^  = — _______ .......................  ...........................................  (7.4)
dx { x - X i Ÿ +{y -  y i Ÿ
^  -  -ÎÈL {y-JÀ  ..............................  f 7.5)
27ikh (x — Xj)^ + (.y ~ y i Ÿ
where q denotes the well rate and xj and y; denote the well position and x and y denote the 
point of interest. Equations 7.4 and 7.5 apply only to a single well in an infinite system. 
Multiple Well Systems
The limitation of a single well may be removed by applying the Principle of 
Superposition and summing the effect of each well in the system on the potential existing at a 
single point in the system as follows:
g j i x - X j )
Sx 2jdch ,=i(x - Xj Ÿ  + (y  -  y, )Z : ------------------------J    (7.6)
^  ^  A ^  q i i y - y j )
Sy 2jd(h i=\(̂ x — x + {̂y — yj)Z : ------------------------- -    (7.7)
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Darcy’s Law states the relationship between volume flux and the flow potential 
gradient as follows;
and =   (7.8)
n 5x '  n  8y
By substituting Equation 7.6 and Equation 7.7 into the Equation 7.8 and converting 
volume flux to velocity by dividing through by porosity, the following equations which form 
the backbone of the streamline tracker may be obtained. This derivation assumes a balanced 
system exists such that the total injection rate is equal to the total production rate of all wells 
within the system.
V = _____ 1____ V _______g d i Z i i j ............    (7 .9 )
* 2tc h <!> ,=i(x -  X, Ÿ +{y- yiŸ
g j ( y - y  i)
2 k  h  " i ( x  -  XiŸ  + { y -  j/j Ÿ .............................  P " »
For use of common field units (psi, cp, md, ft, STB, and days) replace the factor {l/(2n)} by 
the unit conversion factor (0.8936 B) where B is the formation volume factor in rb/stb.
Ggpçation of Strgamling Tiraçgs
A streamline tracker, as the name implies, determines the path that a fluid particle would 
follow when traveling from an injection well to a production well in a given system. By 
defining a sufficient number of streamlines between a given pair o f wells, the flow of all fluid 
between the well pair may be accurately mapped. Common points in time along the 
streamlines define the front as the injected fluid displaces the in-place fluid toward the 
production well. Given a constant-rate injection well around which the streamlines are 
initially evenly spaced, the displaceable volume of fluid confined by any two adjacent 
streamlines is the product o f the injection rate of the well and the time elapsed until
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breakthrough of the streamline into a production well divided by the total number of 
streamlines tracked from the injection well.
The streamline paths are generated in a stepwise fashion. In the near-well region, the 
flow is known to be radial since the effects of the other wells in the system have minimal effect 
on the fluid particle. Therefore, the first step away from the injection well may be taken 
assuming strictly radial flow as long as the step is sufficiently small. Thus, the initial point 
along each streamline is defined by a starting circle centered on the injection well with a 
radius equal to the incremental distance moved between velocity calculations. This incremental 
distance is referred to as the stepsize. A rule of thumb developed by Caudle (1996) states that 
the stepsize should be about 2% (1/50) of the distance between the two closest injection and 
production wells.
Each streamline is initially evenly spaced around the starting circle. Once a step has 
been taken the velocity at the new position is calculated. Knowing the velocity at the new 
position, an incremental time may be calculated given a stepsize and assuming a constant 
velocity over the interval. Knowing the incremental time and velocity, a new position and 
cumulative time can then be calculated. This series of calculations proceeds until the 
streamline encounters a production well or exits the area of interest within the system. A 
streamline is assumed to encounter a well if it passes within one stepsize of the well.
Bounded Systems
Equations 7.6 and 7.7 which were derived for an infinite system may be applied to a 
finite system if additional wells are "created" and placed in such a manner that their interaction 
with the system wells form no-flow boundaries which coincide with the boundaries of the 
system to be modelled. These additional wells which are not a part o f the real system of 
interest but which serve to create the effect of boundaries are known as bovnding wells.
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The individual location and rate of the bounding wells required to sufficiently bound 
a regular system with linear no-flow boundaries such as a five-spot pattern can be easily 
determined by inspection. Simply place bounding wells such that they exactly mirror real 
wells across the linear boundaries. Placement of and rate assignment to bounding wells is not 
so obvious for irregular shapes. To bound an irregular reservoir shape a simple method used 
by Caudle (1996) in his waterflooding models is very practical and produces excellent results.
Consider a pie-shaped reservoir system containing two real wells for which bounding 
wells are placed around the outside perimeter as shown in Figure 7.1. The bounding wells 
(producers and injectors) are illustrated as open circles, and the real wells are illustrated as a 
filled circle (producer) and triangle (injector). The location of the bounding wells is known but 
the optimum bounding rates for this configuration of real and bounding wells are unknown. 
Furthermore, consider a pair of points which straddle the boundary as shown by points I and 2 
in Figure 7.1. These points lie along a line normal to the boundary with the boundary exactly 
midway between them. This pair of points straddling the boundary will be referred to as a 
boundary pair. Two pairs of points exist for each bounding well placed along the boundary. In 
order to meet the definition of a boundary, the flow rate across the boundary line must be zero. 
If the flow rate across the boundary must be zero, then the potential gradient between each 
point in a boundary pair must be zero.
1 * * 2
Figure 7.1: Schematic o f irregularly-shaped reservoir bounded by bounding wells.
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An expression for the potential at any point in the system has been given as Equation 
7.3. An identical expression may be written in Cartesian coordinates as follows:
( D = 0 -  ^
A m n  \  /„! y»i J
where n is the number of real wells in the system and m is the number of bounding wells. 
Equation 7.11 can be written for each point in a pair. If the potential gradient is zero, the 
potential at each point in a boundary pair must be equal.
Writing an expression for potential at each point in a boundary pair and setting the 
expressions equal to one another results in the following expression:
1=1
( r , - -y ,) ' ■ m (̂ 1 - X j Ÿ  +(y, - y j Ÿ
> 2 - + CV2 y=i (̂ 2 + ( ^ 2  - y y ) %
=  0 (7.12)
Equation 7.12 is one equation containing m unknown bounding well rates. To obtain 
m independent equations requires 2m boundary pairs which are reduced using a least square 
reduction technique. The square matrix resulting from the reducing technique can be solved by 
Gaussian elimination.
NonJJnit.Mobility- Ratio
An implicit assumption in the derivation of the streamtube model discussed so far is 
that the displacing fluid and the displaced fluid posses equal mobilities. Since a gas is much 
less viscous than a liquid, the mobility of a gas is much greater than the mobility of a liquid. 
Therefore, to create a representative model of a gas injection process, the effects of a non-unit 
mobility ratio must be considered. Caudle (1968) employed the conductivity ratio method to 
adjust for the effects of a non-unit mobility ratio.
Regardless of geometry, the laminar, steady-state flow of a fluid can always be written 
as g = CAO where C is a function of frontal position, system geometry, and fluid mobility.
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The quantity C is a  constant for a given frontal position within a given system and is referred to 
as the conductivity. Typically, the conductivity is normalized by the initial conductivity for the 
system. This normalized (dimensionless) parameter is designated as the conductivity ratio. 
The conductivity ratio compares the conductivity o f a system at any time t with the 
conductivity of a system at time zero. If a fluid of greater mobility is displacing a fluid of 
lesser mobility (unfavorable non-unit mobility ratio) and the total pressure drop remains 
constant, the total flow rate of the system will increase as more of the system fills with the 
greater mobility fluid. If the mobility of the displacing fluid is equal to the mobility of the 
displaced fluid (unit mobility ratio) and the total pressure drop remained constant, the total 
flow rate would also remain constant. For a constant pressure case, the conductivity ratio is 
equal to the ratio of the total flow rate at time t to the total flow rate at time zero. For a 
constant rate case, the conductivity ratio is equal to the ratio of the total pressure drop at time 
zero to the total pressure drop at time t.
Consider a single streamtube between the injection well (left) and the production well 
(right) as shown in Figure 7.2. Suppose that the streamtube is initially filled with mobile water 
and residual oil. Imagine that a significant amount of time has passed since the start of gas 
injection and the front has reached the position n. Each region has been in contact with the 
injected gas for a different period of time such that different fluid saturations exist in each 
region. Therefore, the total mobility within each region is different since the mobility of each 
region is equal to the sum of the mobilities of each phase at its respective saturation within that 
region. Since the fundamental potential and velocity equations which form the backbone of 
the streamtube model were derived for a system containing a single fluid or unit mobility ratio, 
an expression relating the velocity of a fluid particle when the streamtube is completely filled
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with a single mobile fluid to the velocity of a fluid particle at some time during the 
displacement when the streamtube contains more than one mobile fluid would be very useful.
H-I
i+1
Figure 7.2: Schematic of streamtube with five mobility regions.
Considering any region, i, depicted in Figure 7.2, the flow rate and pressure drop 
across a region for the single fluid case and the multi-fluid case can be related by Darcy’s Law 
as follows:
for i= 1,2,3 ... n regions ......... (7.13)
^ i i P i - l  P i )  I  ^ o ( . P i - l  P l ) o
where the subscript t denotes any time during the course of the displacement and the subscript 
0 denotes an initial time when the streamtube contains a single mobile fluid.
Solving Equation (7.13) for the pressure drop across a given region at time, t, and 
summing the regional pressure drops to obtain the total pressure drop across the streamtube 
leads to the following expression:
(Po~Pn)t ~r(Pi-i ~ P i)0 ................................. (7 14)
/-I ■4'/
Solving Equation (7.14) for the total fluid rate through the streamtube at time, t yields 
the following relationship between the total rate at t and the rate of a single fluid, qg:
(Po -P n ) ,
‘Hi ~ ~ -9o (7.15)
'E—iPi-i -Pi), 
(-1 4-,
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If the pressure at each location in the system is constant as a function of time, then the 
total pressure drop across the streamline at time, t is equal to the initial (single fluid) total 
pressure drop. By making this substitution for pressure and expressing the flow rate in terms of 
the fluid velocity, the following relationship between the single fluid velocity and the multiple 
fluid velocity is obtained:
V, =   Vo   (7.16)
" A ) o
/=!
Recall that for a constant pressure case, the conductivity ratio is numerically equal to 
the ratio of the flow rate at time t to the initial flow rate. This is also numerically equal to the 
ratio o f the velocity at time t to the initial velocity since flow rate and velocity are related to 
each other by the product of cross-sectional area and porosity which is a constant for a given 
position. Therefore, the conductivity ratio of a given streamtube may be expressed as follows:
= — .... ......   (7.17)
-  Pi)0
/ = i  ^ i
Finally, the velocity at time t may be related to the initial velocity at a given position 
in a streamtube for the constant pressure case by the following simplified expression:
V, =nVo .................................................. (7.18)
The conductivity ratio of the entire reservoir system at time t is defined as the average
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Recalling that the conductivity ratio for a streamtube in a constant rate case is equal to 
the ratio of the total pressure drop at time zero to the total pressure drop at time t, the following 
expression may be derived starting from the definition of the conductivity ratio;
/
—  N o  ............................................. (7.20)
Equation (7.20) which is valid for the constant rate case is analogous to Equation 
(7.18) for the constant pressure case. All parameters shown are defined in the same manner in 
both cases. By applying Equation (7.20) in the streamtube model, the fundamental velocity 
equation derived for a single fluid system may be adjusted to account for the effects of a non­
unit mobility ratio.
When applying Equation (7.20), the conductivity ratio of the system must be updated 
periodically during the calculation procedure. The required update frequency is dependent 
upon how quickly the conductivity of the system is changing. In order to update the 
conductivity ratio of the system as the front advances, an individual streamline cannot be 
tracked from start to finish but rather advanced to a common update time and halted until each 
streamline in the system has been advanced to the same update time.
Ingorpoiatipn o.filglativg-P-gniigability f  wnctions
When gas is injected up-dip of a water-invaded oil column, the gas displaces the 
mobile water down-dip ahead of the gas front and causes the residual oil to spread into a film 
between the water and gas behind the gas front. Once the oil has spread into a film behind the 
gas front, hydraulic continuity is re-established and the oil begins to drain down-dip. If the oil 
drainage rate is faster than the rate at which the front advances, the oil will accumulate behind 
the gas front and form an oil bank. If the effect of gravity on the initial gas-water 
displacement is negligible, the rate at which the gas front advances can be determined using the
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equations outlined previously in this chapter. However, in order to predict the rate at which the 
oil will drain behind the front, the basic streamtube model discussed previously must be 
modifîed to account for multi-phase flow and gravity effects behind the gas front. According 
to Darcy’s Law, the flow rate of a fluid is a function of its mobility and the flow potential 
gradient. Implicitly contained within fluid mobility is relative permeability.
Assuming that flow within an individual streamtube can be treated as if it were linear, 
the flux of each phase (i) flowing in parallel within the streamtube can be expressed as follows;
w, = — f ^ - /7 ,g s in a )  .................................(7.21)
f i f K a s  J
Assuming that a piston-like displacement of water occurs at the front within an 
individual streamtube, the water saturation behind the front is reduced to connate water and the 
relative permeability to water goes to zero. Therefore, Equation (7.21) indicates that the water 
flux behind the front is zero. Likewise, the oil flux ahead of the gas front is zero since the 
initial oil saturation for the process being modelled is equal to the residual oil saturation to 
water. The oil remains immobile until the gas front passes. In short, water is the only mobile 
phase ahead of the front, and oil and gas are assumed to be the only mobile phases behind the 
front.
Both the oil flux and the gas flux behind the front can be expressed individually using 
Equation (7.21). By continuity, the sum of the oil flux and gas flux must equal the total flux 
behind the front. Solving each of the individual flux expressions for the potential gradient in 
each phase and taking the difference between these expressions yields the following 
relationship:
dPo 
^ d s  ds )/I .
+ ( P o - P e ) ^ s i n a ................... (7.22)
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where s denotes the direction of flow along the streamtube and a  denotes the angle of bed dip. 
Recalling that capillary pressure is defined as the difference between the pressure in the non­
wetting phase and the pressure in the wetting phase and solving for oil flux yields the following 
expression:
+ -Pg)gsma\X^X
—    “ ■
where t denotes the total flux, S denotes saturation and s denotes the direction of flow as 
before. Assuming that the gas is infinitely more mobile than the oil and that the change in 
saturation over the interval of interest approaches zero. Equation (7.23) reduces to the gravity 
drainage model proposed by Richardson and Blackwell (1971) in which the oil flux is simply 
equal to the product of the gravity gradient imposed by the density difference and the oil 
mobility.
Consider a streamtube initially filled with water and residual oil into which gas is being 
injected as shown in Figure 7.3. The upper diagram is an areal view o f the streamline at a 
given time t during the displacement after n time steps have been taken. The current position 
of the gas front is denoted by the subscript n. Previous front positions are denoted by subscripts 
0 through (n-1). The lower diagram in Figure 7.3 is a graphic representation of the relative 
saturations of each phase as a function o f distance from the injection well at a given time t 
during the displacement.
Notice that ahead of the front, the oil and water saturations are at their initial values. 
Behind the front oil becomes mobile and drains toward the gas front at a rate given by Equation 
(7.23). If  the region behind the front is divided into cells of equal length along the flow path of 
the streamtube, the change in oil saturation behind the front can be determined by material 
balance in each cell. That is, the volume of oil leaving a cell during a timestep must enter an
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adjacent cell during that same timestep. The previous front positions within the streamtube 
provide convenient cell boundaries since several necessary parameters are determined during 
the front-tracking calculations and each step is of equal length. Also by material balance, the 








□□G as mm Oil m t water
Figure 7.3: Schematic representation of streamtube with oil drainage behind front
The change in oil saturation for each cell behind the front may be determined using the 
following relationship;
(A 5J„  =   (7.24)
(ŷ p̂ n
where A is the total area perpendicular to flow. The total cross-sectional area of the streamtube 
at a particular cell boundary can be deduced from the total flow rate through the streamtube and 
the single fluid velocity calculated for that position. Solving the defining relationship between 
flow rate and velocity for area yields the following expression:
Vo = 1 1 .A(p
A = 1 1 . (7.25)
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A cell is added to the calculation at the end of each time step as the front advances until 
breakthrough occurs. Once breakthrough occurs, the oil fraction produced from an individual 
streamtube is simply the ratio of the oil flux in the cell for which breakthrough occurred and 
the total flux from the streamtube. The gas rate is simply the difference between the total rate 
o f the streamtube and the oil rate. The water rate after breakthrough is zero.
Each of these calculations are carried out for each streamtube in the system. The 
frontal position is tracked and recorded. All previous positions, single fluid velocities, 
pressures, and times are stored in arrays along the way. Each streamtube is advanced to a 
common update time and then halted to allow the system conductivity to be periodically 
updated. Initially, all streamtubes will be producing water. The first streamtube to 
breakthrough will be along a direct path from the injection well to the production well. As the 
number of streamtubes which have broken through to the production well increases, the total 
water production rate from the well will begin to decrease and the total oil and gas rates from 
the well will increase. Only after all streamtubes in the system have broken through to the 
production well will the water production rate become zero.
Stratification
In a stratified system in which each layer has different properties such as thickness and 
permeability, the rate at which the front advances will differ in each layer. If the system 
contains a layer of significantly greater permeability than the rest, the injected fluid will flow 
preferentially into this high permeability layer. As a result, breakthrough time and oil recovery 
efficiency will be decreased substantially. Several models exist which may be used to 
calculate oil recovery for a stratified system. These models include the Stiles Method (Stiles, 
1949), Dykstra-Parsons Method (Dykstra and Parsons, 1950), and the conductivity ratio 
method (Caudle, 1966). The conductivity ratio method is used by Caudle in his streamtube
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waterflooding calculations for stratified systems. This method involves conversion of real 
time to a pseudo-time parameter which is a function of the conductivity ratio. Even though 
cumulative volume injected per layer is not on the same time scale in reality, the pseudo-time 
parameter is common to all layers. The pseudo-time parameter is defined as follows:
f  ==   (7.24)
4 , 0 y
where the i denotes the initial mobility of the system. For a waterflood calculation, the 
mobility would be that of the oil phase. For a tertiary gas injection process, the mobility is that 
of the water phase. Different endpoint saturations among the layers or strata are reflected in 
the displaceable porosity value. The permeability of each strata is implicitly contained within 
the mobility term. The mobility ratio o f each strata affects the conductivity ratio. The only 
parameter which must be common to all strata in this method is the location of the wells. This 
implies a common potential drop over all strata.
Application of Streamtube Model to West Blackberry
The purpose of a screening study is to eliminate reservoirs which will not be suitable 
candidates for the oil recovery process of interest. Assuming that the process is gravity-stable 
will tend to predict an upper limit on the oil recovery which could be expected from a given 
reservoir candidate. Since the modified streamtube model implicitly assumes that the 
streamtubes are oriented predominantly in the direction of be dip, the predominant direction of 
fluid flow in the system must be along the direction of dip. This flow pattern should 
approximate a gravity-stable displacement.
A gravity-stable displacement implies that the potential driving the injected gas from 
the injection well to the production well is much less than the potential due to the density 
difference between the gas and fluid which drives the gas upward. Because gravity forces
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dominate in a gravity-stable system, the injected gas would migrate (percolate) upwards until it 
reached the up-dip limit of the system and then fill the system from the top down creating a 
stable gas-fluid interface as it displaced the mobile fluid ahead o f it. Simulation of this type of 
displacement with a streamtube model requires that the injection wells be placed along a line 
perpendicular to the dip direction and in close proximity to the up-dip boundary of the system. 
In this manner, the predominant streamtube orientation will be along the direction of dip.
Originally, I planned to verify the model with the production response observed in 
Fault Block II or IV of the West Hackberry Tertiary Project. Due to injection problems, the 
project is behind schedule and no oil production responses have been seen. As part of my 
original work plan, a reservoir characterization study was conducted and included in Appendix 
D. This field situation will be used to illustrate how the screening model could be applied. This 
illustrative example along with a short review of the West Hackberry Project Area will be 
discussed in the following chapter.
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Illustrative Screening Study
The goal of the West Hackberry Tertiary Project is to demonstrate the technical and 
economic feasibility of the use o f  air injection in the Double Displacement Process in order to 
recover tertiary (residual) oil reserves from the West Hackberry Field. Initial field tests are 
being conducted in the water-invaded Camerina (A) C sands in two fault blocks on the west 
flank of the West Hackberry Field. Although the Double Displacement Process has proven to 
be a technical success in previous field tests, the use of air as the injection fluid has never been 
tried. This new technology is being tested in the West Hackberry Field by Amoco with support 
from the U. S. Department of Energy (DOE).
In return for support from the DOE, Amoco is required to make all knowledge gained 
from the West Hackberry Tertiary Project part of the public domain. Amoco has provided LSU 
with a yearly grant to support research and technology transfer regarding the West Hackberry 
Tertiary Project. The study discussed herein is a part of the independent study being conducted 
at LSU. Originally, I planned to verify the relative permeability and streamtube model with the 
production response observed in both fault blocks in the West Hackberry Tertiary Project. 
However, the project is behind schedule due to injection problems and no oil production 
response has been observed to date in either of the two fault blocks. Therefore, a portion of the 
project area will be used to illustrate how my proposed screening model could be applied. As 
part of my original work plan, I conducted a preliminary reservoir characterization study. The 
results of this reservoir characterization study are included in Appendix D and were used as 
input in the screening study. This illustrative example along with a short review of the West 
Hackberry Project will be discussed in this chapter.
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Review of West Hackberry Project
The West Hackberry Field which was 
discovered in 1912 is located in the marsh near the 
town of Hackberry (Cameron Parish), Louisiana which 
is about 22 miles southwest of Lake Charles as shown 
in Figure 8.1. Only a small portion (about 404 acres) 
on the west flank of the field will be discussed in this 
study. About half of the 24 million barrels of oil 
originally in the project area had been recovered in 
1993 when production ceased due to encroachment of 
the adjacent aquifer into almost all of the reservoir.
Current Geologic Interpretation
The project area is comprised of five fault blocks. The sand unit of interest in the West 
Hackberry Project Area is the Camerina (A) C-1,2,3 Sands. These sands are part of the Upper 
Frio (Oligocene). The top of structure map (contour interval = 500 ft) for the C-I sand is 
shown in Figure 8.2.
The C-I sand ranges in depth from about 8,000’ SS to about 10,000’ SS. The sand is 
highly faulted and steeply dipping (with bed dip ranging from 23 to 33 degrees) due to the 
proximity of the West Hackberry Salt Dome to the east. The reservoir is limited down-dip 
(westward) by water and is limited up-dip (eastward) by an unconformity. The project area 
comprises about 404 acres and averages about 90 feet thick. The porosity is estimated to 
range from 24 to 30 percent. Permeability estimates range from 300 md to 1000 md. The 
field has been classified previously by Amoco as a fluvially-dominated delta.
Lake C h a rie s t
W e s t /  
Hackberry 
Reid
Figure 8.1: Location of West 
Hackberry Field.
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Figure 8.2: Top of structure map for West H ackberry Camerina (A) C -I sand.
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Operational Strategy o f Project
Primary production from the project area began in 1952 and continued until 1993. In 
that time, the water from the adjacent aquifer(s) invaded nearly all o f the reservoir. The 
remaining oil rim is located above the Watkins No. 16 which is the highest well on structure 
completed in the Cam (A) C sand. To recover the remaining tertiary reserves in Fault Blocks II 
and IV, air is being injected in the up-dip portion of the fault blocks. The location of the 
injection wells are indicated by the triangles on Figure 8.2. Wells currently completed in the 
Camerina (A) C Sand are designated by an asteric-like symbol. Prospective Camerina (A) C 
sand completions are designated by a filled circle.
The West Hackberry Process
To recover the tertiary oil reserves remaining in Fault Blocks II and IV, air is being 
injected in the up-dip portion of these fault blocks. Upon contact with the hydrocarbons, the 
oxygen fraction o f the injected air is expected to cause the oil to combust. This combustion is 
expected to consume the oxygen and some of the lighter fractions of the oil and produce flue 
gas composed of nitrogen and carbon dioxide. If the air is injected into a dipping, liquid-filled 
environment at a rate below the critical rate such that a gravity-stable displacement occurs, the 
flue gas and in-place liquids will segregate due to density differences. The flue gases will tend 
to collect up-dip as air is injected, and the in-place liquids will be displaced down-dip. Once 
contacted by gas, the residual oil is expected to drain by gravity drainage and can form an oil 
bank at the water contact. The flue gas displaces the oil bank and the oil bank displaces the 
water as the water-oil contact is driven back toward its position prior to primary production.
Project Design Considerations
The air injection operation has been designed with the following technical goals in 
mind: (1) to displace the remaining oil reserves by gravity drainage and (2) to push the current
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water-oil interface down structure toward its original position {Fassihi and Gillham, 1995). 
Modelling studies conducted during a preliminary design study by Amoco (Fassihi and 
Gillham, 1993) indicate that injection and production rates are crucial factors in the 
performance of the DDP. Therefore, the rates were optimized during the design of the project.
One criterion placed on the injection rate required that the injection rate be below the 
critical rate for a gravity-stable displacement. The critical rate for a gravity-stable 
displacement is that flow rate at which the viscous and gravitational forces are balanced. 
Another criterion placed on the injection rate is that it be above the critical rate for spontaneous 
combustion in the reservoir. The efficiency of the gravity drainage mechanism is expected to 
be enhanced by mobilization of the oil by the thermal front generated by spontaneous 
combustion. Flue gas generated in the reservoir is expected to strip the lighter components 
from the oil. The stripped components are then expected to be recovered as natural gas liquids 
(NGL) in the produced gas stream. A minimum air flux is required to maintain the 
combustion. As a result of the reservoir geometry at West Hackberry, the critical air flow rate 
will increase over time.
The West Hackberry Process will be tested in two of the five fault blocks initially. In 
the smaller of the two fault blocks (Fault Block II), no more than one well will be on 
production at a given time. Once the gas breaks through to the production well, that well will 
be shut-in. Later, another well lower on structure will be put on production as the oil bank 
approaches it. Since the other fault block (Fault Block IV) is larger, a line of four producers at 
the same position on structure will be re-completed to produce the oil bank. Similarly, as gas 
breakthrough occurs, the wells will be shut-in and down-structure wells will be used to 
continue production.
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A reservoir monitoring program is being implemented by Amoco to maximize the 
knowledge gained during this field trial. Prior to start-up o f injection, reservoir data was 
gathered to serve as a baseline for comparison with reservoir data collected as the project 
proceeds. Tests conducted in the monitoring program include bottom-hole pressure surveys, 
bottom-hole temperature surveys, pulsed neutron logs to determine fluid saturations, and 
compositional analyses of produced fluids (oil, gas, and water).
Current Status o f Project
Amoco initiated air injection on November 17, 1994. As of July 1996, a cumulative 
1159 million standard cubic feet (SCF) of air has been injected into Fault Blocks II and IV 
since project start-up. Out of the total injected, 1 million SCF have been injected into Fault 
Block rv  and 79,000 SCF into Fault Block II.
The Watkins 16 injected about 31 million SCF into Fault Block II from November 
1994 through March 1995 at an average rate of about 340,000 SCF/D. Due to injection 
problems in the Watkins 16, it has been abandoned for use as an injector. The Watkins 18 is 
currently the injection well in Fault Block II and injects any excess injection capacity not 
utilized elsewhere. To accelerate the production response in Fault Block IV, almost all of the 
available injection capacity is currently be utilized by the Gulfland D 51 which is injecting 
about 4 million SCF/D in Fault Block IV. As of July 1996, no oil production response has 
been observed in either fault block.
Pressure and Production Behavior
The Watkins 18 was placed on production in early December 1994 and averaged about 
20 bbls of oil per day and about 320 bbls of water per day through March 1995. In March 
1995, the Watkins 18 was taken off production and converted to an injection well after nitrogen 
was observed in the Gulfland D 56 well. Since that time, none o f the wells in the project area
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have been placed on production. Periodically, the wells are allowed to flow in order to monitor 
for evidence o f either the oil bank or gas breakthrough. In addition, bottom-hole pressures are 
measured to monitor the reservoir pressure response to the gas injection. As of March 1996, 
the reservoir pressure in Fault Block II is about 20 psi above its pre-injection level (~ 3300 psi) 
and the pressure in Fault Block IV is about 300 psi above it pre-injection level ( -2500 psi). 
An initial pressure increase of about 50 psi in fault block II was observed in the Gulfland D 56, 
but not in the Watkins 18.
Knowledge Gained To Date
In the course of continuing the reservoir monitoring program after project start-up, 
some very interesting data have been collected which may indicate the existence of a channel 
and/or a high permeability streak, and spontaneous combustion near the injection wells. An oil 
response had been expected in the Watkins 18 well before September 1995. The Watkins 18 is 
located 400 ft to the north of and 100 ft down-structure from the Watkins 16 injection well. 
However, nitrogen was detected unexpectedly in the Gulfland D 56 monitor well which is 800 
ft to the west and 400 ft down-structure from the Watkins 16. Gillham (May, 1995) reports 
that this early breakthrough was observed in the Gulfland D 56 monitor well in early February 
1995, but not in the closer Watkins 18 producing well until June 1995. The rapidity of the gas 
breakthrough in the Gulfland D 56 well may indicate a continuous high permeability zone in 
the upper portion of the Camerina (A) C sand package, or it may indicate the existence of a 
channel connecting the Watkins 16 and the Gulfland D 56 but limiting communication between 
the Watkins 16 and Watkins 18. The presence of a high permeability zone is supported by 
side-wall core data indicating medium to coarse grain sand in the upper portion of the C-1 
sand. The presence of a channel is supported by a 50 psi increase in measured bottom-hole 
pressure observed in the Gulfland D 56 but not in the Watkins 18 during the first 3-4 months
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of injection. Three-dimensional seismic data was collected for the area during the latter half of 
1995. Hopefully, the seismic will shed some light on the reservoir’s structural characteristics 
and enhance our understanding of this reservoir. The analysis of the seismic data has not yet 
been completed by Amoco personnel.
An earlier study (Fassihi and Gillham, 1993) predicted that spontaneous combustion 
would occur if air was injected above the critical rate for combustion. According to Gillham 
(Mar 1995), circumstantial evidence may indicate the presence of high-temperature combustion 
in the area near the injection well in Fault Block IV. Gillham reported that while injecting air 
at 3.3 million SCF per day in December of 1994, a rapid increase in injection pressure from 
nearly 1700 psi to over 2500 psi was observed. The injection pressure remained above 2500 
psi until mechanical problems forced injection operations to stop. Upon correcting the 
problem, injection resumed at the previous rate with the injection pressure again near 1700 psi. 
Three days after injection was resumed, injection pressure again increased to a level above 
2500 psi. The elevated injection pressure is attributed by Gillham (Mar, 1995) to a rapid 
release of gas near the wellbore as a result of combustion. The delay in the pressure increase 
after the temporary cessation of injection is attributed to the bum area moving away from the 
injector.
Gillham (May, 1995) also reported the results o f several temperature logs run in the 
each of the injection wells after a 24-hour shut-in time. These logs further support the 
occurrence of combustion in the reservoir. Temperatures near the middle of the perforations 
were found to be significantly higher than the baseline temperatures observed prior to the start 
of injection. Prior to injection the reservoir temperature in the Cam 1,2,3 in the Watkins 16 
was 204 ° F. After 4 months of injecting at 500 million SCF per day, the reservoir temperature 
was 298 ° F. This elevation in temperature is attributed to high temperature combustion in the
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reservoir. Likewise, a temperature increase was also noted in the Gulfland D 5 1 injecting into 
Fault Block IV. The temperature increase seen in the Gulfland D was 42 degrees which is 
signiflcantly less that the 94 degree increase observed in the Watkins 16.
Gillham (May, 1995) attributes the lesser temperature increase in the Gulfland D 51 to 
the fact that a much greater volume of air has been injected into the Gulfland D 51 than the 
Watkins 16. One would logically expect this greater injection volume to result in a greater 
volume of reservoir being contacted and burned. Thus, the bum around the Gulfland D 51 
would be expected to be occurring at a greater distance from the wellbore than the bum 
occurring around the Watkins 16. Gillham (May, 1995) also notes that the log run in the 
Gulfland D 51 indicates a temperature of 190 “ F in the Cam C-1 sand and a higher temperature 
of 228 ° F in the Cam C-2,3 sand. Based on the logic applied earlier, Gillham states that the 
higher temperature in the C-2-3 may indicate that more of the injected air is entering the Cam 
C-1. The C-I is generally believed to be the better quality reservoir rock, so this is not entirely 
unexpected.
Illustrative Screening Study of Fault Block U
Application o f the streamtube model involves several steps. First, the boundary of the 
flow system must be defined. Second, the position and flow rate of each real production well 
and each injection well within the bounded system must be defined. Imaginary wells are 
placed around the reservoir mathematically in order to create no flow boundaries that 
correspond to the actual reservoir boundaries. Third, all the fluid and rock properties must be 
input into the required data files. An input file creation program is available to create most of 
the data files. Once the boundary and well information is prepared, the location and rates of 
the bounding wells are determined by the bounding program. The bounding program produces
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a plot file which may be viewed on the computer screen or imported “as is” into Microsoft 
Word for Windows as a picture if a hardcopy plot is desired.
Shown in Figure 8.3 is the imported plotter file for this illustrative screening of Fault 
Block II in the West Hackberry Project. The open circles around the system boundary mark the 
position of the bounding wells. The lines within the system boundary are the streamlines 
which designate the boundaries between streamtubes. The injection well within the system is 
located in the center of the white starting circle on the right, and the production well (Gulfland 
D 56) is in the located in the center o f the dark area created by the converging streamlines. The 
rates and locations of the wells within the boundary are required input data.
The purpose of a screening study is to eliminate reservoirs which will not be suitable 
candidates for the oil recovery process of interest. Assuming that the process is gravity-stable 
will tend to predict an upper limit on the oil recovery which could be expected from a given 
reservoir candidate. Since the modified streamtube model implicitly assumes that the 
streamtubes are oriented predominantly in the direction of be dip, the predominant direction of 
fluid flow in the system must be along the direction of dip. This flow pattern should 
approximate a gravity-stable displacement. A gravity-stable displacement implies that the 
potential driving the injected gas from the injection well to the production well is much less 
than the potential due to the density difference between the gas and fluid which drives the gas 
upward.
Because gravity forces dominate in a gravity-stable system, the injected gas would 
migrate (percolate) upwards until it reached the up-dip limit of the system and then fill the 
system from the top down creating a stable gas-fluid interface as it displaced the mobile fluid 
ahead of it. Simulation of this type of displacement with a streamtube model requires that the 
injection wells be placed along a line perpendicular to the dip direction and in close proximity
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to the up-dip boundary of the system. In this manner, the predominant streamtube orientation 








Figure 8.3: Streamline pattern with GLD 56 as production well for Fault Block II.
The reservoir dips from the right to the left of the plot. For the well configuration 
shown in Figure 8.3, the streamlines are oriented predominantly in the direction of dip. 
Because the reservoir is approximately pie-shaped and confined by two converging faults in the 
up-dip portion of the reservoir, a row of injection wells is not required. A single well placed
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midway between the northern and southern faults near the unconformity is sufficient to 
produce streamlines which are oriented along the dip direction. If the up-dip potion of the 
system were not so confined by the faults, a line of image injection wells placed perpendicular 
to the dip direction would be required to produce the appropriate streamtube orientation.
As discussed in Chapter 7, the streamtube model incorporates the relative permeability 
modelling procedure outlined in Chapter 6 and considers the effect of gravity on the rate of oil 
drainage behind the flood front. For the conditions considered in this illustrative example, the 
streamtube model predicts that the oil will accumulate into a bank situated at the leading edge 
of the flood front.
A series of plots depicting oil saturation as a function of distance along the fastest 
streamline (No. 62) are illustrated in Figures 8.4 through 8.11. As shown in Figure 8.4, the oil 
saturation is equal to the residual oil saturation to waterflood (0.26) everywhere within the 
streamtube. As the mobile water is displaced ahead of the flood front and the oil is contacted 
by gas behind the flood front, the oil begins to drain down-dip (along the streamtube) and 
accumulate at the leading edge of the flood front. As depicted in Figures 8.5 through 8.9, the 
oil bank grows as the tertiary gasflood progresses. Just prior to the arrival of the flood front at 
the production well (Figure 8.9), the oil bank volume reaches a maximum. The oil saturation 
distribution within the fastest (shortest) streamtube shortly after breakthrough and about two 
years after breakthrough is depicted in Figures 8.10 and 8.11, respectively.
The main streamtube model simulates a tertiary gasflood in a single layer, balanced 
system. A balanced system is one in which the volume injected is equal to the volume 
produced at reservoir conditions. Prior to breakthrough of the first streamline, only water will 
be produced from the system. If the project is operated such that the water is produced prior to 
the arrival of the oil bank at the production well, then the water production predicted by the










0.50 I  
0.40 
0.30 1 
0.20 -  




STREAMLINE NUMBER = 62 
ELAPSED TIME = 10 DAYS 
TOTAL STEPS = 2 
STEP SIZE = 25 FT
0 100 200 300 400 500 600 700 800 900 1000 1100 1200 1300
DISTANCE ALONG STREAMLINE 
Figure 8.4: Oil saturation distribution along the shortest stream tube after 10 days.
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Figure 8.5: Oil saturation distribution along the shortest stream tube afte r 83 days.
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Figure 8.7: Oil saturation distribution along the shortest streamtube after 2 years.
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Figure 8.8: Oil saturation distribution along the shortest stream tube afte r 3.7 years.
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Figure 8.9: Oil saturation distribution along the shortest stream tube after 8.3 years.
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Figure 8.10: OH saturation distribution along the shortest streamtube after 8.5 years.
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Figure 8.11: Oil saturation distribution along the shortest streamtube after 10.0 years.
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streamtube model represents true water production. However, if the project is operated such 
that the production well remains shut-in until the oil bank reaches it, the water production 
predicted by the model prior to the time that the well is put on production represents water 
efflux across the system boundary. This will result in an approximate estimate of the system 
behavior.
Another approach for approximating the water efflux behavior of the system would be 
to place a line of false producers within the aquifer. I decided against this method in this 
illustrative example since it would have doubled the calculations required. To use this 
approach, the streamline calculations must be halted during the flood at the time at which the 
real well is designated to be put on production. The system must then be rebounded after 
removing the false producers from the aquifer and adding the desired producer in the reservoir. 
The position and time at which the flood front was halted in the previous system is the starting 
position and time o f the streamlines under the new the bounding conditions of the system.
If the water is not produced but rather displaced back into the aquifer from which it 
came, the pressure within the system must increase. The rate at which the pressure increases 
will be a function of the aquifer characteristics and the rate at which the water is displaced into 
it. For low rates, a permeable aquifer can be approximated as a large tank filled with water 
which will respond in a predictable manner to fluid additions and withdrawals. How the 
aquifer responds depends upon its relative size as compared to the oil reservoir and the 
resistance to flow between the aquifer and the reservoir. Often the way in which an aquifer 
responds can be characterized by an aquifer constant which relates the volume of fluid loss 
(addition) to the corresponding pressure decrease (increase).
During the course of my preliminary reservoir characterization suede which is 
discussed in Appendix D, I evaluated the aquifer response in Fault Block II during the primary
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production period (1945-1994). Based on this preliminary evaluation (Figure D.9), the 
cumulative water influx from the aquifer prior to injection was estimated to range from about 
4.2 million barrels to about 5.5 million barrels. Taking the average of the high and low 
estimate yields 4.9 million bbls. The initial reservoir pressure has been estimated as 4227 psi 
and the reservoir pressure measured prior to gas injection in Fault Block II was about 3300 psi. 
This corresponds to a total pressure drop of 927 psi. Taking the ratio of 927 psi to 4.9 million 
bbls yields an aquifer constant of about 0.0002 psi/bbl. This means for every barrel of water 
which is displaced back into the aquifer, the average pressure of the aquifer-reservoir system 
will increase by 0.0002 psi.
Applying this factor to the incremental water “production” prior to opening the well for 
production will yield an incremental pressure increase for the system. The sum of all the 
incremental pressure increases will equal the total pressure increase in the system. Since all 
volume calculations within the model and all volumes injected and produced are at reservoir 
conditions, the standard volume of gas injected or oil produced can be calculated based on a 
knowledge of the reservoir pressure as a function of time. Therefore, the pressure increase in 
the system can be approximated using a series of very simple spreadsheet calculations given 
the production and injection volumes from the steady-state streamtube model. In this fashion, 
the effect of waiting to put the production well on-line versus producing the water prior to 
breakthrough of the oil bank can be evaluated.
If the pressure increase due to forcing the displaced water back into the aquifer is so 
great that the gas compression costs are dramatically increased, the more economical approach 
may be to produce and dispose of the water. On the other hand, if the pressure increase is not 
significant, the extra compression costs will be negligible, and the delay of water production
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will decrease the operational expenses prior to breakthrough. Both the co-production case and 
the delayed production case were evaluated for Fault Block II of the West Hackberry Project.
Shown in Figure 8.12 is the predicted increase in reservoir pressure and corresponding 
injection volumes if production is delayed until breakthrough. Based on a constant gas 
injection rate quivalent to 363 reservoir barrels per day, the screening model predicts that a 
pressure increase of about 205 psi would be observed before breakthrough after injecting for 8 
years. This predicted average reservoir pressure trend agrees very well with the available 
bottom hole pressure data measured in Fault Block II. To maintain a constant gas injection rate 
at reservoir conditions requires that the gas injection rate increase from an initial 340 MSCF/D 
(at 3300 psi) to 361 MSCF/D (at 3505 psi). This magnitude of increase in gas compressor rates 
and pressures would increase injection costs slightly.
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Figure 8.12: Injection volumes and reservoir pressure In non-stratlfied system.
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In addition, delaying production until the arrival of the oil bank will decrease the 
amount o f water which has to be handled and disposed. Shown in Figure 8.13 is a plot of the 
estimated water production if the well were placed on production from the start of gas 
injection. For comparison, a plot of the estimated water production resulting from the project if 
production is delayed is shown in Figure 8.14. The difference in water production between 
initial production and delayed production will always equal the injection rate multiplied by the 
time until breakthrough. For the non-stratified case, breakthrough occurs after about 8 years of 
injection at a reservoir rate of 363 rb/d. This corresponds to a decrease in water production of 
about I million barrels.
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Figure 8.13: Water production for case with co-production in non-stratified system.
The predicted oil response in the production well occurs after about 8 years of gas 
injection in the no-stratified system. A plot of both the predicted oil rate and the cumulative 
production as a function of time are displayed in Figure 8.15. The oil peaks at a little over ISO
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STB/D shortly after breakthrough of the flood front. In a little over 3 years, the oil rate 
decreases sharply to about 10 STB/D where it remains for the next 20 years. Of course, an oil 
rate of 10 STB/D may be uneconomically low, but I made no attempt to quantify the 
economics. This rate profile corresponds to an expected oil recovery of about 125 MSTB over 
a 30 year project life. If  the project is shut-down after three years o f oil production, the final 
oil rate would be 16 STB/D and the expected oil recovery would be 54,000 STB. For this 
example, the model predicts that gas breakthrough occurs almost simultaneously with the oil. 
This behavior is consistent with the laboratory model studies discussed in previous chapters.
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Figure 8.14: Water production for case without co-production in non-stratified system.
As shown in Figure 8.16, the gas production rate climbs steadily over the two year 
period after breakthrough to about 300 MSFC/D at 10 years. Over the next 20 years, it 
increases to almost 350 MSCF/D. Since the oil rate is declining as the gas rate increases, the 
gas-oil ratio climbs from about 30,000 SCF/STB to 75,000 SCF/STB. The cumulative gas
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production over a 30 year period is predicted to be a little over 2.4 billion SCF. These gas 
volumes and rates do not include any solution or stripped natural gas since these volumes are 
negligible when compared to the volumes of injected air ( or air by-products) in the production 
stream.
ELAPSED TIME (years)
10 15 20 25 30
500 150 _
" 120 E450
400 -  90
350 -  60






0 60 120 180 240 300 360
ELAPSED TIME (m onths)
Figure 8.15: Oil production for non-stratified system.
All of the results discussed so far have been based on the assumption of a single 
homogeneous layer. If the effects o f stratification are considered, the breakthrough time will 
decrease as the gas will preferentially flow through the most permeable regions. An earlier 
breakthrough will decrease the time prior to the production response, but it will also decrease 
the vertical sweep efficiency of the flood. A decrease in sweep efficiency translates to a 
decrease in oil recovery.
To investigate the effects stratification would have on the predicted oil recovery, the 
conductivity ratio method (Caudle, 1968) was employed to adjust the production predicted for
Reproduced with permission of the copyright owner. Further reproduction prohibited without permission.
165
the single layer system to that of a system composed o f 10 layers of differing permeability. 
Shown in Figure 8.17 is a plot of the permeability ratio assigned to each layer for various 
stratification coefficients, v.
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Figure 8.16: Gas production for non-stratified system.
The stratification coefficient (Dykstra-Parsons, 1950) defines a statistical variation in 
permeability among the layers and divides the reservoir into pseudo-strata. This coefficient is 
used in situations where insufficient data is available to not only identify discrete layers but to 
assign a representative thickness and permeability to each layer. The coefficient varies from
0.0 which represents no stratification up to 1.0 which represents a extremely stratified system. 
For purposes of illustration, a stratification coefficient o f 0.5 was chosen for this screening 
study.
Applying a stratification coefficient of 0.5 yields the following results plotted in 
Figures 8.18 through 8.21. Shown in Figure 8.18 is the predicted reservoir pressure and gas
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injection as a function of time for the stratified system. Plotted in Figures 8.19 through 8.21 
are the predicted production responses for each phase as a function of time for the stratified 
system.
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Figure 8.17: Permeability ratios assigned to each layer for various coefTicients.
As expected, the effect of stratification on oil recovery is detrimental to the project. 
Due to the increased gas flow rate in the most permeable layer, breakthrough occurs in a little 
over 3 years rather than about 8 years as in the single layer system. Due to the decreased 
sweep efficiency at breakthrough, the observed oil production is predicted to peak at only 50 
STB/D rather than ISO STB/D as in the single layer case. As a result, the cumulative oil 
production over a 1.25 year period after breakthrough is decreased from about 38,000 STB for 
the single layer system to about 9,000 STB for the stratified system.
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Figure 8.18: Injection volumes and reservoir pressure for stratified system.
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Figure 8.20: Oil production for stratified system.
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Figure 8.21: Gas production for a stratified system.
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Chapter 9
Conclusions and Recommendations
The objective of this study has been to develop an appropriate relative permeability 
modelling technique that applies during a tertiary gas injection process in which the oil 
previously trapped during a waterflood is re-mobilized. The following conclusions are drawn:
1. A modified form of the Corey relative permeability model for gasflooding of a 
continuous oil phase in the presence of irreducible water has been successfully 
applied to a linear, gravity-dominated tertiary gas injection process in both 
unconsolidated and consolidated media. Using a Corey exponent of 3 for film 
drainage and a critical gas saturation for the establishment o f film flow in the oil 
phase, experimentally observed water and oil production were correctly predicted 
using a numerical, finite difference simulator.
2. For the laboratory cases investigated, two-phase relative permeability functions are 
adequate to model the displacement of waterflood residual oil by gas in a gravity- 
dominated system if a critical gas saturation for the establishment of film flow in 
the oil is introduced to define the onset of oil drainage.
3. The relative permeability modelling technique can be readily applied to any of the 
available commercial reservoir simulators to allow a more realistic evaluation of 
the tertiary gas injection process in a field application.
4. A relatively simple streamtube model that incorporates the recommended oil 
relative permeability modelling procedure has been developed to allow rapid 
screening of a reservoir for which a tertiary gas injection or double displacement 
process is being considered.
169
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5. The streamtube screening technique has been applied to one of the fault blocks in 
the West Hackberry Tertiary Project and has shown reasonable results.
6. The application example has shown that the degree of stratification of a reservoir 
plays a major role in the results which can be expected in a tertiary gas injection 
process.
As part of the continuing cooperation between Amoco, the Department of Energy and 
LSU, several aspects o f this study warrant further investigation. Now that the proposed relative 
permeability modelling approach has been verified based on laboratory observations, I 
recommend that this approach be extended by conducting the following tasks:
1. Modification of the streamtube screening model to include the presence of an 
initial oil rim during the double displacement process.
2. Re-evaluation of the proposed relative permeability modelling procedure once an 
oil response has been observed in the West Hackberry Tertiary Project.
3. Development of a modelling routine which incorporates the effects of in-situ 
combustion and/or stripping of the oil by the gas into the streamtube screening 
model.
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Nomenclature
Unless otherwise noted within the body of text immediately following presentation 
of the mathematical expression, the following nomenclature applies throughout this work:
Alphabetic
A = cross-sectional area
D = depth
g = gravity constant 
h = thickness 
L = length
k = absolute permeability
p = pressure
Pc = capillary pressure
Pco = threshold capillary pressure
PcD = dimensionless capillary pressure
q = volumetric flow rate
R = radius
r = along radial direction
171
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S = saturation
Sb/a =  spreading coefficient of B on A





a  = angle of bed dip 
8 = fractal scaling unit 
0  = potential 
(j) = porosity
y = interfacial tension or conductivity ratio
X = mobility
|x = viscosity
0 = contact angle
p = density
a  = interfacial tension
T = psudeo-time parameter
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Subscripts
0 = single fluid or initial condition 
g  = gas phase 
/ = phase of interest 
o = oil phase
om = minimum in oil phase 
D = displacable 
gc = critical gas 
/ = liquid
Ir = residual liquid
org = residual oil to gasflood
p = pore
rg = relative to gas
rgo = relative to gas in the presence of oil 
ro = relative to oil
rog = relative to oil in the presence of gas
roir = relative to oil in the presence of irreducible water
row = relative to oil in the presence of water
rw = relative to water
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rwo = relative to water in the presence o f oil
s = streamtube of interest
/ = time of interest
w = water phase
wir = irreducible water
X  = along the x direction
y  = along the y direction
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Appendix A
Theoretical Development of Film Drainage Exponent
Derivation for Film Flow in a Capillary Tube
Consider capillar>' tube in which the center is occupied by the non-wetting phase (gas), 
the non-wetting phase is enveloped by the intermediate phase (oil), and the nonwetting phase is 
enveloped by the wetting phase (water) which coats all surfaces of the capillary tube. If the 
flow of each phase is steady and laminar, then Conservation of Momentum requires the 
following;
d p
A. Inu, = - r for i = w, o, g ................... (A. 1 )
where the subscripts w, o, and g denote water, oil, and gas, respectively.
If the gas phase is static, the pressure gradient in the gas phase must be equal to the 
density gradient in the gas phase. If the capillary pressure is negligible, the pressure at a 
given height in all three phases are equal. Assuming that the capillary pressures across the 
fluid interfaces are negligible and that the gas phase is static yields the following relationship:
M. =
( P i - P g ) g
4//,
A M (A.2)
The boundary conditions are as follows:
(i.) no slip between the wetting film and the wall of the tube: (R „ ) = 0 . . . .  (A.3)
(ii.) continuity of velocity at the water-oil interface: (R q) =  Uo( R ^ ) ........  (A.4)
(iii.) continuity of stress at the water-oil interface:
dr = PoRo dr
. . .  (A.5)
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(iv.) continuity of stress at the gas-oil interface:
du,
dr
=  0 (A.6)
Substitution o f equation (6.2) into these boundary conditions results in the following 
defînitions for A an B for the water and oil phases:
= 2 — RJ + 2 ^ - -^  R! 
P ^ - P q  P^N~Pq
B„ = R ^ e x p ( -R i/A ^ )
(A.7)
(A.8)
A . = 2R : (A.9)
B„ = R,exp(-yff/2 )
where:
P ^  ~ P s  P r R,





The total flow rate of oil may be expressed as follows:
^ p . - p M
Q o  =  2f r \ '^  r u S r ) d r  =
° P o





and by using Equation (A. 12), an expression for the relative permeability to oil results from 
taking the ratio of the oil flow rate when the oil occupies a fraction of the capillary to the flow 
rate when the oil occupies the entire capillary. The relative permeability to oil may be 
expressed as follows:
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 (A.13)
If the saturations are expressed as the fractional cross-sectional area occupied by each phase as 
follows:
p2 _  p2
......................................... (A. 14)
R f - P f
S„ = —°pl ~   (A.15)
and the total liquid saturation is much less than 1.0, then the relationship for oil relative 
permeability as a function of saturation as shown in Equation 6.3 of Chapter 6 results. 
D erivation fo r Film Flow Over Packed Spheres
Consider a coating oil film on a column of packed spheres. Assuming that the flow is 
incompressible, the oil flux must satisfy the following equation:
PoiU-'^)ii = .......................(A. 16)
The boundary conditions are as follows:
(i.) No slip at the sphere surface: (R, ^) = 0................... .......................(A. 17)
(ii.) No radial flow at the sphere surface: u^CR,^) = 0 ...................................(A. 18)
(iii.) No flow across the oil/gas interface: u^(R + h,ô)-(R + h)=-^U8(R+h,0 . (A.I9)
(iv.) No shear at the oil-gas interface: 0"i2(R+ h, 0^=  0 .............................(A.20)
where the subscripts 1 and 2 denote the nonnal and tangent directions with respect to the gas­
oil interface.
By (I) neglecting the acceleration term in Equation A. 16, (2) relating the pressure in 
the oil film to the hydrostatic pressure in the gas phase, (3) assuming the change in flux with
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respect to thêta is significantly less than the change in flux with respect to r, and (4) assuming 
that the r-direction is a good approximation to the surface normal, then equation A. 16 may be 
approximated by the following relationship:
The boundary conditions are assumed as follows:
Ug(R,0 = 0  (A.22)
f f - ^ 1  = 0   (A.23)
'  R+h
Solving Equation (A.21) with the boundary conditions given in Equations (A.22) and (A.23) 
yields the following relationship:
Ug = Ar^ + + B.r"*  (A .24)
where the constants are defined as follows:
..........................................
 < * »
B = A ( n _ - 1 ) ( R  + h ) " - R ^ _ R - ( R  + h)^
(n_-1)(R + h)"-R"+-(n^-1)R"-(R+h)"+ ..............................
B -  -C n . -1 ) (R -H i) -R ^ + R -(R 4 h )^
(n . -1 ) (R  + h)"-R""-(n ,-1)R"-(R+h)""  .............................  ̂ '
Using expansions for the following
l + h/R   (.4.29)
and
r = (1+(r-R)/R)  (A.30)
/
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yields the following expression for flux with respect to theta:
( P o - ^ g ) g s ln ^ "  ( h  1 r - R V - R  J r - R h X
' ---------- 7 ,  i n  7 J
(A.31)
The total flow rate through the oil film may be expressed as follows:
Q  =  2 ; r r  s i n  d u g d r   (A.32)




I k  { p  /? a )g Sin '  OR 
Mo V ' * '
(A.33)
H 6 )  = 3Q//C
1/3
2 ;r(p o  - p g ) g R s i n  ^ d j
(A.34)
If the volume of oil contained within the film is defined as follows:
V  = s i n  6 h { 9  ) d  0   (A.35)
By substituting Equation (A.34) into Equation (A.35) and integrating, the following 
relationship results:
V =
1 2 / r ' R % Q  




7 =  r .......................................... .....................................(A.37)
For thin films. Go is approximately equal to 0. In this case, r\ is nearly constant at a value of
2.6. Assuming a cubic lattice of spheres, the pore volume per sphere is defined as follows:
V , = ^ ( 6 - z ) R ^  ............................................. (A.38)
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Since the oil film saturation is defined as the oil film volume per pore volume, the oil film 
saturation can be expressed as follows by taking the ratio of Equation (A.36) to Equation 
(A.38):
s  =   _ L i £ V e _
V ,  ^ ( 6  -  7 c ) l i p   ̂ -  p  ^ ) g R *  )
(A.39)
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Appendix B
Rock Property Input Functions for Modelling of Sand Pack
1.00
■ Lepski Data 
—  Input for SP2 
 input for SP1
0.90 -■
_  0.50
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Figure B.3: W ater relative permeability (unctions for sand pack modelling studies.
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Figure B.4: Gas relative permability functions for sand pack modeiiing studies.
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Appendix C
Fortran Source Code
Source Code for Linear Numerical Simulator
♦ PROGRAMMER: TAMMY BOURGOYNE








REAL TCUMQ(20),Q(20),PTOP(20), IFTOW, IFTGO 
REAL WSAT(100),ICRW(I00),PCOWTB(I00) 
REALOSAT(100),KRO(100),KROW(100),KROG(100)
REAL GSAT( 100),KRGLO( 100),KRGHI( 100),PCGOTB( 100),PCG WTB( 100)






INTEGER PCO WEQN(5),PCG WEQN(5),PCGOEQN(5),GFLAG( 100) 
CHARACTER INPUT* 12
WR1TE(*,*) "Enter name of input data file for this case ..."
READ(*,IOOO) INPUT
WRITE (*,*)"Enter choice (menu number) for rock property input"
WRITE (*,*)" (0) TABLE INPUT OF 2 AND/OR 3 PHASE DATA "
WRITE (♦,♦)" (I) INPUT EQUATION PARAMETERS (Intercept & Slope)" 
READ (*,♦) KCODE 
IF (KCODE.EQ.O) THEN 
WRITE (*,*)"Enter choice (menu number) for kro correlation..."
WRITE (♦,*)" (0) TABLE INPUT "
WRITE (♦,♦)" (1) COREY
WRITE (♦,*)" (2) STONE I "
WRITE (♦,*)" (3) STONE II "
WRITE (♦,*)" (4) BAKER
WRITE (♦,*)" (5) HUSTAD & HOLT "
WRITE (♦,♦)" (6) FOULSER
READ (*,♦) KOCODE 
IF (KOCODE.EQ.l) THEN 
WRITE (*,♦) "Enter COREY coefficient and exponent..."





Reproduced with permission of the copyright owner. Further reproduction prohibited without permission.
194
OPEN (7,FILE= 'pres-out*)
OPEN (8,FILE= 'echo.ouf )
OPEN (9,FILE= 'psatoutO 














WRITE(8,*) "ECHO INPUT DATA"
WRITE(8,*) "Injection Code = ", ICODE
WRITE(8,*) "Time Step (sec) = ", TSTEP
WRITE(8,*) "Start Time (hrs) = ", TSTART
WRITE(8,*) "Stop Time (hrs) = ", TSTOP
WRITE(8,*) "Number o f Blocks to Simulate Core = ", NBLK
WRITE(8,*) "Injection Rate (cc/sec) = ", QINJ
WRITE(8,*) "Constant End Pressure (atm) = ", PBTM
WRITE(8,*) "Gridblock Height (cm) = ", DX
WRITE(8,*) "Gridblock Width, Length (cm) = ", DY,DY
WRITE(8,*) "Gridblock Permebility (Darcy) = ", PERM
WRITE(8,*) "Gridblock Porosity = ", PHI
WRITE(8,*) "Oil, Gas, Water FVF = ", BO,BG,BW
WRITE(8,*) "Oil, Gas, Water Visc(cp) = ", MUO,MUG,MUW
WRITE(8,*) "Oil, Gas, Water Dens(g/cc)= ", RHOO,RHOG,RHOW
WRITE(8,*) "Initial So, Sg, Sw = ", SOI, SGI, SWl
WRITE(8,*) "Swc, Sorw, Sorg, Sgc =",SWC,SORW,SORG
WRITE(8,*) "Sgc, Sg(film) =", SGC,SGFILM
WRITE(8,*)" "
WRITE(8,*)" I TCUMQ(I) QINJ(I) PTOP(I)"
READ (10,*) NQ 
DO I=1,NQ 
READ (10,*) TCUMQ(I), Q(l), PTOP(I)
WRITE (8,*) LTCUMQd), Q(l), PTOP(I)
TCUMQ(l) = TCUMQ(I)*3600.0 




IF (KCODE.EQ.O) THEN 
WRITE(8,2000)
READ (10,*) NWSAT 
DO I=1,NWSAT 
READ (10,*) WSAT(1), KRW(I), PCOWTB(l)
WRITE (8,2001) I,WSAT(I),KRW(I),PC0WTB(1)
PCOWTB(I) = PCOWTB(I)/14.7 
END DO




READ (10,*) NGSAT 
DO I=1,NGSAT
READ (10,*) GSAT(I),KRGLO(I),KRGHI(I),PCGWTB(I),PCGOTB(I) 
WRITE(8,2003)I,GSAT(I),KRGLO(I),KRGHI(I),PCGWTB(I),PCGOTB(
+ 0 
PCGWTBd) = PCGWTB(I)/14.7 




READ (10,*) NUMOIL 
DO I=1,NUM0IL 










































































100 IF (NLOOP.EQ.IFREQ.OR.TCUM.EQ.TSTART) THEN 




***♦ FIND (KRW, PCOW)=F(SW) AND (KRG, PCGW, PCGO)=F(SG) AND (KRO)=F(SO) AT















****** TABLE LOOK UP AND INTERPOLATION ROUTINE TO ASSIGN KRW, PCGW AT































TABLE LOOK UP AND INTERPOLATION ROUTINE TO ASSIGN KRO=KROW AT 
SW(N) IF SG=0.0 
*
IF(SG.EQ.O.O)THEN 






IF (SO.GT.SOI) THEN 
S02=0SAT(J+1)
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****** TABLE LOOK UP AND INTERPOLATION ROUTINE TO ASSIGN KRG, PCGW, PCGO











IF (SG.GT.SGl) THEN 
SG2=GSAT(J+1)
IF (SG.LT.SG2) THEN 



























* * * * *
*
FIND KRO BASED ON THREE-PHASE CORRELATION FOR SG(N)>0
* KOCODE; 0=TABLE, l=COREY, 2=ST0NE 1,3=STONE II, 4=BAKER, 5=HUSTAD & 
HOLT
*
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ELSE 
IF (SO.GT.SOI) THEN 
S02=0SA T(J+l)













IF (KOCODE.EQ.l) THEN 
KR0IL=C0REY1 * ABS((SNO(I>SORG)/( I -S WC-S0RG))**C0REY2 
ENDIF
IF (KOCODE.EQ2) THEN 
ENDIF
IF (KOCODE.EQ.3) THEN 
ENDIF
IF (KOCODE.EQ.4) THEN 
ENDIF





















♦ 0 AS-WATER DISPLACEMENT (J=l) RESIDUAL OIL IN FILM FLOW (J=2) OIL
BANKING (J=3)
*
IF (SG.GE.SGFILM) GFLAG(K)=I 
IF (GFLAG(K).EQ.O) J=1 
IF (SO.LE.SORW.AND.GFLAG(K).EQ.I) J=2 
IF (SO.GT.SORW.AND.GFLAG(K).EQ.I) J=3 
SW=(SW-SWMN)/(SWMX-SWMN)

























IF (SG.LE.0.0) THEN 
KRGAS=0.0 
ELSE
















IF (SO.LE.0.0) THEN 
KRWTR=0.0 
ELSE
IF (KOEQN(J).EQ.I) THEN 
DO I=l,NRNGO 





IF (K0EQN(J).EQ.2) THEN 
DO I=1,NRNG0
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IF (KPCOW.EQ. I) THEN 






IF (KPC0W.EQ.2) THEN 
























♦ END LOOP FOR ASSIGNING MOBILITY AND PC TO EACH CELL AT TIME LEVEL N
























BCOEF(NBLK-1 )=BCOEF(NBLK-1 )+CCOEF(NBLK-1 )
GTERM = ALPl*GGRAD*DX*(MO(NBLK+l)*RHOO+MG(NBLK+2)*RHOG+ 
+ MW(NBLK+l)*RHOW)
DVAL(NBLK-I) = DVAL(NBLK-1)-GTERM
CALL TRIDAG(ACOEF,BCOEF,CCOEF,D VAL,P,NBLK-1 )
DO I=1,NBLK-1 
PN10Q+2)=PO)




PN 1 W(2)=PEND-PC0 W(2)
PN 1 G(2)=PEND+PCGO(2)
PN10(1)=PEND-DPG0
PN 1 W( 1 )=PEND-DPG W-PCO W(2)
PN1G(1)=PEND-DPGG+PCG0(2)
PN 10(NBLK+2)=PN 10(NBLK+1 )+DPGO
PN I W(NBLK+2)=PN I W(NBLK+1 )+DPG W-PCO W(NBLK+1 )














BCOEF( 1 )=BCOEF( 1 )+ACOEF( 1 )





PNl W(I+1 )=PN 10(1+1 )-PCOW(I+l)
PN1G(I+1 )=PN 10(1+1 )+PCGO(I+1 )
END DO
PN10(NBLK+2)=PEND
PN 1 W(NBLK+2)=PEND-PC0 W(NBLK+1 )
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PN 1 G(NBLK+2)=PEND+PCG0(NBLK+1 )
PN 10( 1 )=PN 10(2)-DPGO













WRITEC*,*) "TIME = ",TCUM/3600.
IF (NLOOP.EQ.IFREQ) THEN 
WR1TE(9,*)" "






IF (QINJ.EQ.0.0) THEN 
DO I=2,NBLK+1
DSO =ALP 1 *MO(I)*PN 10(1+1 )+ALP I *MO(I-1 )*PN 10(1-1
* )-ALP I *(MO0)+MO(I-1 ))*PN 10(I)-ALPG*(M0(I)-M0(I-1 ))*RHOO 
DS W =ALP I *MW(I)*PN 1 W(I+1 )+ALP I *MW(I-1 )*PN I W(I-1
* )-ALP I *(MWG)+M W(I-1 ))♦ PN I W(I>ALPG*(MW(I)-MW(I-1 ))*RHO W 
DSG =ALP 1 ♦ MG(I+1 )* PN 1 G(I+1 )+ALP I ♦ MG(Q*PN 1 G(I-1
* >ALPI*(MG(I+1)+MG(I))*PN1G(I>ALPG*(MG(I+1)-MG(I))*RH0G 
SNO(I)=SNOG) + DSO
SNW(I)=SNW(I) + DSW 







IF (NLOOP.EQ.IFREQ) THEN 








DSO =ALP I *MO(I)*PN 10(1+1 )+ALP I *MO(I-1 )*PN 10(1-1 
)-ALP I ♦(MO(I)+MO(I-1 ))*PN 10(I)-ALPG*(M0(I)-M0(I-1 ))*RHOO 
DSW = ALP 1 ♦ MW(I)* PN 1 W(I+1 )+ALP 1 * MW(I-l )* PN 1 W(I-1
*
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SNW(I)=SNW(D + DSW 







IF (NLOOP.EQ.IFREQ) THEN 























IF (QINJ.EQ.0.0) THEN 





DPOUT=PN 1 G(I+1 )-PN 1 G(I)
DPIN =PN1G(I>PNIGG-1)
QEXDG=-PERM*MG(D*DY*DY*(DPOUT-DPGG)/DX 








































IF (TCUM.LE.TSTOP) GOTO 100 




1010 F0RMAT(I5,F 12.4,F 12.4,F 12.4,F16.4,F11.4,F11.4,F8.4,F8.4,F9.6,F12.6 
+ .F15.6)
1011 FORMAT(87X,F8.4)
1015 FORMAT(5X,’Hrs',5X,'Vi (cc)’,5X,’Np (cc)',5X,'Wp (cc)’̂ X,'Gp (cc)
+')
1016 FORMAT (F10.1,F10.1,F10.2,F10.1,F10.2,F10.1)
1019 FORMAT(5X,’Hrs’,5X,T’,5X,'dVo (cc)',5X,'dVw (cc)',2X,'dVg (cc)’,
•5X,'dVoD (cc)’,lX,’dVwD (cc)',2X,'dVgD (cc)’,5X,'Err 0',5X,'Err W 
*,5X,’ErrG’)










2003 F0RMAT(I6,F14.4,FI I.4,FI I.4,F11.4,FI1.4)
2004 F0RMAT(5X,T, 10X;OSAT,8X,’KROW’,6X,’KROG’,7X,’KRO3')
2005 F0RMAT(I6,F14.4,F11.4,F11.4,F11.4)





























C (C) Copr. 1986-92 Numerical Recipes Software !$!-"152'19'.
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Fortran Source Code for Streamtube Screening Model
PROGRAM DDPSIM
Program (DDPSIM.FOR) delveloped to simulate a gravity-assisted tertiary 
gasflood of a water-invaded oil column, a process often referred to as 
the Double Displacement Process (DDP), by:
Tammy T. Bourgoyne 
Petroleum Engineering Doctoral Program 
Louisiana State University 
Baton Rouge, LA 70803
The solution method assumes the folowing for the displacement of water by 
gas ahead of the gas front:
(1) piston-like displacement
(2) capillary and gravity effects are negligible
(3) the oil phase is immobile
The solution method assumes the following for the displacement of oil by 
gas behind the front:
(1) the density difference between the oil and gas is a driving mechanism for oil flow
(2) capillary pressure effects are negligible
(3) the water phase is immobile
Adapted from an original waterflood program (OBMOD.FOR) developed by:
Ben H. Caudle
Petroleum Engineering Department 
The University of Texas at Austin 
Austin, TX 78712
This program uses output from the BNDTRC program developed by Caudle 
to calculate the recovery by water-flood using the "streamline" model.
Output is formatted for direct input into STRAT program developed by 






DIMENSION HTW(99),PW(99),JK(69,105),X0( 105), Y0( 105),CTY( 105) 
DIMENSION X( 105,500), Y( 105,500),P(105,500), VLT( 105,500)
DIMENSION V0T(105,500),NF(105),TBT(99,105),NBT(99),CTYR(300) 
DIMENSION HTP(105,500),RKO( 105,500),RKG( 105,500), ARE A( 105,500) 
DIMENSION DSO( 105,500),UT( 105,500), VEL1( 105,500),D V0(105,500) 
DIMENSION GMB2(105,500),OMB2(105,500),RMB(105,500),UO(105,500) 
DIMENSION QIN( 105,500),QOUT( 105,500),UOGD( 105,500),TSUMI( 105) 
DIMENSION TMB2( 105,500), AAVG( 105,500),DS( 105,500),CTYSTP( 105) 
DIMENSION TCUM( 105,500), WP( 105,500),OP( 105),GP( 105),TB ACK( 105) 
DIMENSION SO(105,500),SOOLD(105,500),VPORE (105,500),NS(105) 
DIMENSION CTYN(105),CTS(105)
REAL MUO, MUG, MUW,IFTGO 
INTEGER F

















9991 F0RMAT(1X,'READING WELL FILE’)
OPEN (6,FILE=’WLNPT.DAT)








9992 F0RMAT(1X,’READING RESERVOIR DATA')
OPEN (6,FILE=’RSNPT.DAT)
READ (6,1070) TITLE 
READ (6,1080) NST 
READ (6,1090) RI,XMX,YMX 
READ (6,1090) BW,SCW,SORW,SORG,SGR 
READ (6,1090) DELT,DELP,GMBR,OMBR,WMBR 
* GMBR,OMBR,WMBR= mobility ratio to water (phase/water)
READ (6,1090) BO,TMX,POR,SGOR 








9993 F0RMAT(1X,'READING RESERVOIR HEIGHTS’)
OPEN (6,FILE=’HTNPT.DAT)
READ (6,1000) NXH,NYH 
READ (6,1060) (XH(I),I=1,NXH)
READ (6,1060) (YH(I),1=1,NYH)





9994 F0RMAT(1X,’READ1NG GRAVITY DRAINAGE PARAMETERS’)
OPEN (6,FILE=’GDNPT.DAT)

























C ♦♦♦ START OF WATER FLOOD CALCULATION ♦**
OPEN (6,FILE='PTNPT.DAT)
READ (6,1040) NTSL 
READ (6,1030) VLCP,QST,SMQ1 
DO 100 J=1,NP1W 
READ (6,1040) KK(J)














ASSUME RESERVOIR IS INITALLY LIQUID-FILLED WITH ONLY WATER MOBILE. 





























* BEGIN PRODUCTION WELL (J) LOOP
*
DO 4200 J=1,NPR 
IF (Q(J).GE.0.0) GO TO 4200 
PW(J)=0.0 





































BEGIN STREAMLINE (K) ENDING AT PRODUCTION WELL (J) SUB-LOOP
DO 420 J=1,NPR 
IF (Q(J).GE.O.O) GO TO 420 
NSK=NS(J)
IF(NSK.LE.O) GO TO 420 





IF (TCUM(K,NFK).GT.TSTOP) GO TO 410 
IF (ABS(X(K,NFK)).GT.XMX) GO TO 410 
IF (ABS(Y(K,NFK)).GT.YMX) GO TO 410 
IF(IQ(J,K).EQ^)THEN 


















GO TO 345 
ENDIF
*








DO 270 N=I,NYH 
IF (YO(K).LT.YH(N)) GO TO 280
270 CONTINUE
N=NYH

























IF (NFK.GT.1) THEN 













DO 340 F=2,NFK+1 
SUMMB=SUMMB+(P(K,F-1 )-P(K,F))*RMB(K,F)
340 CONTINUE









VEL1 (K,NFK)=SQRT(V IX* V1X+VI Y* VI Y) 
AREA(K,NFK)=ABS((Q(J)*5.615/FL0AT(NSK))AŒL I(K,NFK)) 
AA VG(K,NFK)=(AREA(K,NFK)+AREA(K,NFK- I ))/2.0 
VPORE(K,NFK)=AAVG(K,NFK)*RI*POR 
PTXI=X(K,NFK)





















DO 389 N=1,NDT 
SMDVO=0.0 
DO 350 F=2,NFK 











DO 360 F=NFK,2,-1 
SOOLD(K,F)=SO(K,F)








+ DSO(K,F),' DSO > DSOMX'
QIN(K,F)=DSO(K,F)*VPORE(K,F)/DTF+QOUT(K,F)






IF(SO(K,F).LT.SOMIN) WRITE (*,*)'S0 < SOMIN'
360 CONTINUE
CKMB=(QOUT(K,NFK)* DTF)+SMD VO
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IF(ABS(CKMB).GT.1.0) THEN 
WRITE (*,*)'MBE= ’,CKMB,SMDVO 
PAUSE 
END IF












DO 382 F=2,NFK+I 
SUMMB=SUMMB+(P(K,F-1 )-P(K,F))*RMB(K,F)
382 CONTINUE
CTYN(N)=(P(K, 1 )-P(K,NFK+1 ))/SUMMB 
SUMMB=0.0 
T2=TSUMI(K)+N*DTF 
IF (T2.GE.TST0P) THEN 



























IF (DT.LT.O.) PAUSE 
IF (IQ(J,K).NE.2) THEN 
IF (VOT(K,NFK).LT.VGCK) THEN 
V=VOT(K,NFK)
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GO TO 395 
END IF
DO 390 LL=I,NPIBW 




IF (DSSQ.LT.RISQ) THEN 
IF (LL.NE.J) THEN 








WRITE(*,*) J,K,NFK,' TBT= ',TBT(J,K)












IF (CTY(K).LE.0.0005) THEN 







IF (TSUMI(K).LT.TSTOP) GO TO 240 
ELSE
IF (TBT(J,K).EQ.TCUMBT(K)) THEN 
XO(K)=X(K,NFK)
YO(K)=Y(K,NFK)
IF (CTY(K).LE.O.O) THEN 









IF (TCUMBT(K).LT.TSTOP) GO TO 345

















IF (TCUMBT(K).LT.TSTOP) THEN 
DO 400 F=2,NFK 
SUMMB=SUMMB+(P(K,F-I)-P(K,F))*RMB(K,F)
400 CONTINUE
CTY(K)=(P(K, I )-P(IC,NFK))/SUMMB 
SUMMB=0.0 































IF (TSTOP.GT.TMX) GO TO 470
TSTOP=TSTOP+DELT
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DO 730 J=I,NPR 

















WRITE (7,510) TITLE 
WRITE (7,472) FOR 
WRITE (7,474) SCW 
WRITE (7,476) SORW 
WRITE (7,478) SGI 
WRITE (7,480) SORG 
WRITE (7,482) SGR 
WRITE (7,489) RKXY 




DO 224 I=I,NPIW 






DO 226 I=I,NPIW 






WRITE(7,*) 'PORE VOLUME = ',VRESV,’ CU FT, VRESV/5.6I5,' STB' 
WRITE(7,646)
WRITE(7,*) 'PERCENT OF INITIAL OIL RECOVERED = ,OREC 
WRITE(7,646)
WRITE(7,*) 'FINAL AVERAGE OIL SATURATION = '.SOAVG 
WRITE(7,646)
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WRITE(7,*) 'STB OF OIL RECOVERD = ’,OPRD,’ FVF (RB/STB) = ',80 
WRITE(7,646)
WRITE(7,*) "NO. OF SL BREAKTHROUGH= ',NBT1,' OF ',NSK 
WRITE(7,646)
WRITE(7,*)'MIN BT TIME= '.TBTMIN,' OF WELL '.JTMIN,' OF SL ',KTMIN 
WRITE(7,646)
WRITE(7,*)'MAX BT TIME= '.TBTMAX,' OF WELL '.JTMAX,' OF SL '.KTMAX 
WRITE(7,646)
WRITE(7,*) 'NO. OF CELLS IN SL ',KTMIN,' OF '.JTMIN,' =',NF(KTMIN) 
WRITE(7,646)
WRITE(7,*) 'NO. OF CELLS IN SL '.KTMAX,' OF ',JTMAX,' =',NF(KTMAX) 
WRITE(7,646)




472 FORMAT (//5X,’AVERAGE POROSITY = ’,F6.4)
474 FORMAT (5X,'WATER SATURATION = ',F6.4)
476 FORMAT (5X,'0IL SATURATION =',F6.4)
478 FORMAT (5X,'GAS SATURATION =',F6.4)
480 FORMAT (5X,'RESIDUAL OIL = '.F6.4)
482 FORMAT (5X,'RESIDUAL GAS = ',F6.4)




492 FORMAT (//5X,'PRODUCTION WELLS')
494 FORMAT (/2X,'NO.',5X,'LOCATION',7X,'OIL PROD.',4X,'GOR',5X,
+'RELATIVE')
496 FORMAT ( 12X,'(X,Y)',8X,'(STB/DAV)', I X,'(SCF/DAY)', 1 X,'POTENTIAL',
+/)
489 FORMAT (5X,'KX/KY =',F6.1)
499 FORMAT (5X,'N0. OF STLINES = ',13)
498 FORMAT (1X,I3,5EI0.3)
500 FORMAT (IX,NOW DOING WELL NO ',13,' AT ',2F14.1)
510 FORMAT (IX,A20)
570 FORMAT (1X,'N0 OIL BANK WILL FORM BECAUSE THE INITIAL OIL SATURAT 
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Appendix D
Reservoir Characterization Study of West Hackberry
Review of Relayent Geologic Information
Geologic Literature Survey Regarding West Hackberry Field
No previously published geologic or reservoir studies of the West Hackberry Field were 
found. With a little research, I found that the Camerina (A) C Sands are part of the Upper Frio 
(Oligocene). Upon researching the Frio, I discovered that the Hackberry Channels run through 
the Hackberry Field as illustrated in Figure D. I.
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Figure D .l: Location of Oligocene H ackberry Channels and G ulf Coast shoreline.
The Hackberry is part of the Middle Frio which was deposited prior to the Upper Frio. 
Therefore, it would seem that the Camerina (A) C sand is in some way related to these channels.
219
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The question is, “Were these channels distributary or submarine at the time when the Camerina 
(A) C Sand was deposited ?” Also note in Figure 3.1, the West Hackberry Field located at 30 
degrees N latitude is located on the Oligocene shelf margin. Since the field is located on the 
shelf margin, the possibility exists that a portion of the Camerina (A) sand(s) is a delta-related 
shelf-edge deposit and a portion is a submarine fan-related deposit.
Review of Relayent Reservoir Engineering Principles 
Analytical Water Influx Models
If a reservoir is bounded by an aquifer, the aquifer will react to a pressure decrease in the 
reservoir. Sometimes the aquifer response is strong and provides a major influence on the 
reservoir. Other times the aquifer response is weak and may be ignored. A concise and complete 
explanation of water influx theory is presented by Craft and Hawkins {1959). In the course of 
the discussion. Craft and Hawkins {1959) present solutions to the Diffusivity Equation in radial 
form which may be used to predict the response of the a circular, horizontal aquifer of uniform 
thickness, permeability, porosity, and compressibility to changes in boundary pressure with time. 
The diffusivity equation expresses the relationship between pressure (p), radial position (r), and 
time (t) for a radial system as follows:
 ™
where p, r, and t are pressure, radius, and time, respectively, and q is termed the difussivity 
constant and is defined as follows:
k
T -  "T
where k = permeability, p. = water viscosity, (j) = porosity, and Cg = effective water 
compressibility. If the aquifer is represented by a series of concentric, cylindrical elements, the
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pressure within each element as a function of time may be predicted by solution o f the 
difussivity equation for a given set of boundary conditions. If the pressure within each element 
is known as a function of time, the change in volume of the element as a result of the pressure 
change from original pressure in each element can be calculated. In the case of a pressure 
decrease in the element, the amount of water expansion (efflux) from the element can be 
calculated as follows:
Q
AF„ = c , x  v„,. x A p  = c , x  x —  x x A x (/?,- -  p j ..............  (D.2)
where 0 is the portion of the cylindrical element open to flow and h is the thickness. The
cumulative total efflux from the aquifer (influx into the reservoir) for a given point in time is
simply the summation o f the change in volume for all elements.
Water Influx can also be calculated based on the pressure and production history within
the reservoir. The General Material Balance Equation (GMBE) is based on the principle of
conservation of matter and may be expressed as follows:
O il Z one E x p an sio n  +  G a s  C ap  E xpansion +  W a te r  In flux  =  C u m u la tiv e  P ro d u c tio n  o f
O il, G as, an d  W a te r.
NB, -  B.) + + We = N,B, + N,(R, -  R^)B, + B ,W , . . .  (D.3)
gi
where:
N and G without a subscript are the original volumes of oil and gas in-place expressed at 
standard conditions, respectively. The subscript “p” denotes cumulative production o f a 
given fluid.
W denotes water. The subscript “e” denotes cumulative water influx, and the subscript 
“p” denotes cumulative water production.
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B denotes the formation volume factor defined as the volume at reservoir conditions per 
volume at standard conditions. The subscripts “g”. “t”, and “w” denote the free gas 
phase, the oil phase with associated solution gas, and the water phase, respectively.
R denotes the solution gas oil ratio. The subscript “si” denotes the original solution gas 
ratio at the initial pressure. The subscript “p” denotes the cumulative produced gas-oil 
ratio.
If one assumes that the pressure history and production history, and fluid properties 
within the reservoir are known with reasonable accuracy, then three unknowns remain in the 
general material balance equation. These unknowns are the volume of oil originally in-place 
prior to production (N), the volume of gas in-place prior to production (G), and the cumulative 
volume of water influx from the aquifer (We). Havlena and Odeh (1963) present a method to 
solve the material balance equation graphically for all three unknowns simultaneously, but the 
results are not always reliable in all situations. In general, the general material equation can be 
used to predict water influx into the reservoir if  the original oil and gas volumes within the 
reservoir are known from other sources.
As discussed in Craft and Hawkins (1991), several assumptions are inherent in material 
balance calculations. These assumptions are (1) an equilibrium pressure has been reached 
everywhere within the reservoir, (2) thermodynamic equilibrium (mainly between the oil and its 
solution gas) has been obtained in the reservoir, and (3) the fluid PVT data used in the equation 
are measured during a process which duplicates the gas liberation process in the reservoir. 
Collection o f D ata
Production is a fundamental piece of data in any reservoir engineering field study. Often 
the hydrocarbon volumes produced from the field are the only reliable piece o f data available 
since a monetary incentive exists to keep good sales records. Unfortunately, for many older
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fields, these sales records have not survived. The majority of production from the West 
Hackberry project area occurred prior to 1965, but the only permanent record of production from 
this area occurring prior to 1965 is reported by lease and not by well. Unfortunately, lease lines 
do not typically follow reservoir boundaries. Therefore, the exact volumes of oil, gas, and water 
removed from the West Hackberry Project Area during primary depletion is unknown.
The production by well may be estimated from in one of two ways. One method is to 
base the production by well on the total lease production and the operating company’s 
production test rate data reported to the state quarterly. The second method is to estimate 
production based on the production test data reported to state each quarter and the assumption 
that the rate is constant between production test reports. In the first method, production by lease 
is compiled for the time interval of interest. Next for that same time interval, all of the 
production test data is compiled for each well in the lease. The lease production is then divided 
among all the wells in the lease based on their fraction of the total reported production test rates. 
For example, suppose two wells within a lease were on production and the lease production was 
reported to be 4000 bbls. Further suppose that the operator reported that well 1 tested at 50 
bbls/day and well 2 tested at 150 bbls/day. The total rate from these wells is 200 bbls/day. Well 
2 is producing 75% of the total rate. Therefore, well 2 would be assigned 75% of the lease 
production or 3000 bbls. Well 1 would be assigned the remaining 1000 bbls. In this manner, the 
total production from the lease is always correct even though production by well or by reservoir 
may not be.
In the second method, production by well is estimated based solely upon the production 
test rates reported to the state quarterly for each well on a lease. Due to the age of the field, the 
only records available were on microfilm in the Office of Conservation in downtown Baton 
Rouge. Each microfilmed report (spanning the period 1952-1975) had to be printed individually
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and manually input into data files for use in the calculation procedure. The production rate is 
assumed to be constant between tests and cumulative production by well is calculated. In a 
reservoir produced by means of a strong water-drive, a constant rate assumption is often valid. 
The wells in this type reservoir often produce near their initial rate until the water-invasion 
reaches the well and the well is shut-in due to high water production. This behavior has been 
observed in some of the West Hackberry wells. Shown in Figure D.2 is a plot of the production 
test data for the Watkins 16 well which displays this characteristic behavior.
The production from 1952 to 1993 was estimated for each well by combining production 
reported by well (1965-1993) with lease production records and/or well production tests (1952- 
1975) reported to the state. Production estimates calculated in this study are compared by fault 
block to those estimates reported by Gillham in Table D.l. Gillham presented his estimates for 
cumulative production as of 1993 in documentation of the West Hackberry Tertiary Project. 
Gillham’s estimates are denoted in Table D.l by THG.
In a parallel study, I used the second method to estimate the production and these 
estimates are denoted by the source 2TB. Excellent agreement between the two estimates is 
achieved for Fault Blocks I and II. However, the cumulative oil estimate for Fault Blocks III-V 
from this study is nearly 40 % (2606 MBO) higher than that reported by Gillham. Inspection of 
the estimates tabulated by well for Fault Block IV indicates that 1100 MBO of this difference 
can be attributed to two wells, Watkins 6 and Watkins 11. For both o f these wells, other sources 
(for which the accuracy is unknown) suggest that the estimates reported by Gillham for these two 
wells may be too low. The accuracy of these estimates is impossible to determine.
Post 1965 production records from Amoco’s production database were available for 
many of the wells in the Mrs. J. B. Watkins Lease. In an effort to estimate the magnitude of the 
error in my production estimates, I collected production test data through 1974 and compared my
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estimates for production from 1965-1974 with the actual production recorded. In some 
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Figure D.2: Plots of well production test data compiled for Watkins 16.
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Table 0 .1 : Estimates of cumulative production in West Hackberry Project Area (1952-93).
Cum Oil Cum Gas (MMCR Cum Wtr (MBW)
(MBO)
THG TTB THG TTB THG TTB
FB 1 2080 1922 1891 1690 1465 1308
FBII 3086 3191 2261 2187 3484 3068
5166 5113 4152 3877 4949 4376
FBIIi 1358 1833 2147 2423 1771 2237
FB IV 3065 4502 7707 7961 1024 890
FB V 2238 2932 3928 3251 418 1111
6661 9267 13782 13635 3213 4238
perforation interval. I also compared my estimates to these notations even though a date was not 
always given with the production figures. The source of these hand-written notations is 
unknown. The estimates based on the well production test data tended to be consistently high. 
This tendency is to be expected as a result of a tendency to report the most favorable well 
production tests to the state and the presence of temporary shut-in periods due to mechanical 
problems which could not be accounted for in the production estimate calculations.
As shown in Table D.2, the apparent error for the oil production ranges from a negative 
53% up to a positive 60%. The apparent error is even worse for the gas and water production. 
This was also expected since gas and water rates were not reported directly in the test data. Gas- 
oil ratios were reported, so gas rates were estimated from the product of the oil rate and the gas- 
oil ratio. A similar procedure was followed to estimate the water rate even though no space on 
the state test reporting form was designated for recording the haction of water produced. 
However, a space did exist for recording %BS&W which appears to be used in some cases for 
reporting a water cut instead. In some instances, the number reported as %BS&W was nearly 
zero as expected, but in other instances the number reached as high as 1.0 which indicates 100% 
water. For lack of any other source of water production data, the value reported as %BS& W was 
assumed to be water cut for calculation purposes.
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The average apparent error for this sampling of production shown in Table D.2 is 
estimated to be about +26% for the oil production, +53% for the gas production, and + 19% for 
the water production. Although the error appears to be significant, this is the only avenue 
available to estimate the primary production history in this reservoir. Obviously, a high degree 
of confidence cannot be placed in these estimates, and the errors inherent in these estimates will 
have to be considered during the modelling phase of this study.
Table D.2: A pparent e r ro r present in production estimates based on production test data.
K«U. ID R a a a r v o l r D a ta O i l O as W a ts r S o u r c a O i l G as W a te r S o u r c e
(KBO) (KKC?) (MBW) (KBO) (MKCF) (KBW)
U U lA i U-X may - 3 1 R o c a c x o n
ira t4 Cam(A) C -1 D a c - 5 7 264 14S 1 L o g  n o t a t i o n 362 193 2 DKIR r e p o r t s
W ats Cam (A) C -1 456 3S2 0 L og  n o t a t i o n 527 630 2 DKIR r e p o r t s
W ats Cam(A) C -3 15S 41 1 371 L o g  n o t a t i o n 1S9 575 41 4 DKIR r e p o r t s
W ats Cam (A) C -3 1 9 S S -7 3 147 343 330 D a ta b a s a 1S9 575 41 4 DKIR r e p o r t s
W ats Cam (A) C - 2 ,3 1 9 S 5 -7 4 SO 643 1 D a ta b a s a 67 1652 1 DKIR r e p o r t s
W a t l l Cam(A) C -1 s b u t - i n 603 744 77 L o g  n o t a t i o n 659 10 6 1 2 DKIR r e p o r t s
W atllD C am (A )C -2 ,3 19 7 7 15S 615 1 L og  n o t a t i o n 75 352 0 DKIR r e p o r t s
W atU Cam (A) C -1 1 9 7 5 5 2 155 D a ta b a s a 5 5 146 DKIR r e p o r t s
W atlZ Cam(A) C -1 1 9 7 5 S9S 455 213 L o g  n o t a t i o n 1000 620 820 D U R  r e p o r t s
W atl4 Cam (A) C -1 1 9 S 5 -7 1 ISO 72 6S D a ta b a s a 220 99 148 D U R  r e p o r t s
W atlS Cam (A) C -1 655 414 536 L o g  n o t a t i o n 753 449 340 D U R  r e p o r t s
H a tlS Cam (A) C -1 1 9 S 9 - 7 5 117 49 17 S D a ta b a s a 17S 125 3 2 1 D U R  r e p o r t s
W atlSD Cam (A) C -3 190 218 341 L og  A n n o t a t i o n 304 419 548 D U R  r e p o r t s
W atlSD Cam (A) C -3 1 9 S 9 -7 5 113 44 154 D a ta b a s a 156 158 209 D U R  r e p o r t s
W atlS Cam(A) C -1 O c t - S3 605 475 IS IO L og  A n n o t a t i o n 823 555 162 0 D U R  r e p o r t s
W atlS C am (A )C -2 ,3 1 9 S 9 -7 5 101 37 343 D a ta b a s a 129 84 4 5 6 D U R  r e p o r t s
OLDSOH Cam (A) C -1 K a y -S 2 374 0 L o g  A n n o t a t i o n 470 322 1 D U R  r e p o r t s
TOTAL 5107 5 236 4579 L o g  A n n o t a t i o n 6421 803 6 544 4 D U R  r e p o r t s
A p p U U ï  U f R f A p p a Z U S  SZZoZ
W all ID R a a a r v o l r D a ta o i l O as W a ts r O H Gas W a ts r
(KBO) (MKCF) (KBW) (%) (%) (%)
ifac4 UUaiAj u - x m a y -3 / -1 1
Wat4 Cam(A) C -1 D a c - 5 7 9S 45 1 37% 30% 178%
W ats Cam (A) C -1 71 24S 2 16% 65% 438%
W ats Cam (A) C -3 31 165 43 20% 40% 12%
W ats Cam (A) C -3 1 9 S S -7 3 42 232 S4 29% 68% 25%
W ats Cam(A) C - 2 ,3 1 9 S 5 -7 4 7 1 ,0 0 9 1 12% 157% 93%
W a t l l Cam(A) C -1 S h u t - I n 56 317 -7 5 9% 43% -97%
W atllD Cam (A) C -2 ,3 1 9 7 7 -S 3 -2 6 3 -1 -53% -43% -100%
W atl2 Cam (A) C -1 1 9 7 5 - 1 3 -1 0 -11% 195% -6%
W atl2 Cam(A) C -1 1 9 7 5 302 165 607 43% 36% 286%
W atlS Cam(A) C -1 1 9 6 5 - 7 1 SO 27 SO 37% 37% 117%
W atlS Cam (A) C -1 9S 35 -1 9 6 15% S% -37%
W atlS Cam (A) C -1 1 9 6 9 -7 5 61 76 142 52% 156% 80%
W atlSD Cam (A) C -3 114 201 207 60% 92% 61%
W atlSD Cam (A) C -3 1 9 6 9 -7 5 43 114 55 3S% 256% 36%
W atlS Cam (A) C -1 O c t - S 3 21S SO -1 9 0 36% 17% -10%
W atlS Cam (A) C - 2 ,3 1 9 6 9 -7 5 2S 46 113 27% 123% 33%
OLDSOH Cam (A) C -1 K a y - 62 96 322 1 26%
lU ia u " 1 , 3 1 3 2,1UU OD3
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Other data made available by Amoco for this study include historical pressure data, 
electric logs, porosity logs (if available), side wall core data, reservoir fluid measurements, 
relative permeability measurements, and capillary pressure measurements. As part of their on­
going monitoring program, Amoco continues to periodically collect more data, such as pulse 
neutron logs and bottom-hole pressure and temperature surveys, and fluid composition analyses. 
As the new data is received from Amoco, the current reservoir model will be re-evaluated. 
Preliminary Reservoir Characterization Study
The first step in any type of prediction is to construct a sufficiently representative model 
of the process. To construct a representative model, one must first be able to characterize or to 
describe the situation or process. A number of parameters influence how a reservoir fluid 
system behaves. One is the volume of the pore space within the reservoir. Another is the type 
and relative volume of fluids contained within that pore volume. If an aquifer is in 
communication with the reservoir, the size and strength of the aquifer also affects how the 
system will respond to production and injection. Another parameter which influences the 
behavior of the flow of oil and gas in the reservoir is the character of the rock through which the 
fluids must travel to reach ( or leave) the production (or injection) well. Because a similar 
pressure response can be achieved for a given production history for several possible 
combinations of these various parameters, the range of possible solutions must be narrowed as 
much as possible prior to the final modelling study.
Preliminarv Evaluation of Depositional Environment
Since information about the character o f the rock is usually extremely limited, a good 
geologic model is necessaiy to allow the engineer or geologist to extrapolate the limited data and 
create a complete picture of the reservoir rock. For instance, understanding geologic models 
may play a role in extrapolating limited log and core data by giving insight into permeability and
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porosity trends in depositional structures. Geologic models may narrow the range of possibilities 
for characteristics such as sand body geometry and areal extent.
Based on limited log and side-wall core data, the Camerina (A) C-1 sand is a massive 
sand which (in general) exhibits coarse to very fine sand at the top and which fines downward to 
silty sand toward the base. The massive and course nature of the upper portion of the C-1 sand is 
indicative o f channel-related deposits. Also, a preliminary evaluation of the limited side-wall 
core data indicates the presence of marine influences, such as lime, shell Aagments, and 
glauconite. Based on the these characteristics, one possible interpretation is that one or more of 
the Camerina (A) C sands in this area is a shelf-edge bar deposit within a fluvially-dominated 
delta system. A few representative SP logs hung on the top of the C-1 Sand and the key map 
which provides each wells location relative to the others is shown in Figures D.3 and D.4. 
Illustrated in Figures D.5 to D.6 are a few logs annotated with some o f the side-wall core data. 
Preliminary Evaluation of Aquifer Characteristics
One of the unknown parameters which I expect to strongly influence the reservoir 
performance for the West Hackberry Tertiary Project is the size and strength of the supporting 
aquiferfs). Until the behavior of the aquifer can be predicted, predicting the response of the 
reservoir system to gas injection will be extremely difficult at best. The amount of and rate at 
which water flows from the aquifer and invades the reservoir is indicative of the aquifer’s 
characteristics. In turn, the pressure response observed in the reservoir for a given production 
history and reservoir size is indicative of the volume of this water influx as shown in material 
balance theory.
Volumetric calculations based on the current structural interpretation and isopach maps 
provided by Amoco were used to determine the volume of oil and/or gas originally in-place. The 
material balance equation was then solved for water influx for a given average reservoir pressure






Figure D.3: Key to cross-sections hung on top of C-1 sand of West Hackberry Field.















Figure D.4: Cross-sections aiong iine AB and line CD.





Sand C-M, M-F, shell frag, calc.
Sand: C-M, F,VF shell, silt, clay 
Sand: F-VF, VF, shell, silt, calc. 
S ilt limy
Silt-Sand: VF-F, limy 
Sand: VF, silty 
Sand: VF to F, silty, limy 
Silt limy, carbonate streaks 
S ilt limy, clay
#18 50 ft
Sand: VF - M, silty, limy 
Sand: very fine, very silty, limy
S ilt sandy, limy
Sand: very fine 
med
very fine, very silty 
Sand: very fine, very silty
Sand: very fine, very limy 
very fine
North Fault Block II
Figure D.5: SP Logs annotated with side-wall core data available in Fault Block II.
588 ft
Sand: fine to coarse 
Sand: very fine 
Sand: fine 
Sand: fine, very shaly 
Sand: very fine, shaly to clean
50 ft
"saf̂ a: nnetffTOgrsg 
Silt-Sand: med sand 
Silt
Silt: very limy
Sand: very fine 
Silt-Sand: med sand, limy 
Sand: fine to med 
Silt fine, limy streaks
Sand: fine to coarse 
Sand: very fine 
Silt-Sand: VF, very shaly 
Shale: limy 
S ilt very shaly 
Shale: siltv __________
Altematina Silt &Sand:
0  Sit, F Snd, MSIt, VF Sit,
F Sit, F-C Snd, VF Sit, Limy
Sand: very fine, very shaly 
Sand: very fine, shaly
Fault Block IV
Figure D.6: SP Logs annotated with side-wall core data available in Fault Block IV.
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and production history. Water influx as a function of time for a given aquifer boundary pressure 
history was also calculated for a given aquifer size and permeability with an aquifer model based 
on the theory discussed previously. The material balance water influx estimate was then 
compared to the aquifer model water influx prediction. If a satisfactory match was not achieved, 
the aquifer size and/or permeability was altered and the process was repeated until a match was 
achieved.
In theory, this aquifer modelling approach is rather straightforward. In practice , 
however, determining the average reservoir pressure and the aquifer boundary pressure (at the 
original water-oil contact) is not a trivial matter the shut-in periods are often short or unknown. 
Shown in Figure D.7 is a plot of all of the pressure data for Fault Blocks I and II and some of the 
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Figure D.7: Plot of pressure by well for Fault Blocks I, II, and III.
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Errors can be introduced into average reservoir pressure calculations in a number of 
ways. First, errors can occur during the measurement process itself due to instrument errors or 
due to a lack of a sufficient shut-in period to obtain a true static reservoir pressure. A low 
permeability zone will require a longer shut-in or build-up period than a high permeability zone. 
Furthermore, a pressure measurement may be representative of the true static pressure near a 
given well, but still exhibit a separation from other wells in the reservoir. This observed pressure 
separation may be attributable to permeability variations within the reservoir or to non-uniform 
development of the reservoir. An area which is less developed or possesses lower permeability 
will exhibit a higher reservoir pressure. No method exists for determining the correct weighting 
factors for each pressure measurement in order to obtain an average pressure estimate which is 
known to be representative of the true average reservoir pressure. To differentiate between 
measurements which are low but are representative of the true static pressure and measurements 
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Figure D.8: Pressure plot overlaid with total voidage rate and average pressure estimates.
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All of the available pressure data has been plotted in Figure D.8. Notice the high degree 
of separation among the data points. Since the latest pressure measurements indicate excellent 
agreement between Fault Blocks I and II for both the C-1 and C-2,3 sands, these fault blocks and 
sands are thought to be in communication and were treated as if they were a single reservoir. 
Notice that the separation which exists between the pressure measurements in Fault Blocks I and 
n  (red and blue points)and Fault Blocks IV and V (pink, aqua, and black points) remains even 
two years after the last well in Fault Block IV was shut-in in 1993. Based on this difference in 
reservoir pressure, I have assumed that Fault Blocks IV and V are not in communication with 
Fault Blocks I and II. It is unclear whether Fault Block III is better represented by grouping it 
with Fault Blocks I and II or with IV and V. No current pressure data is available for this fault 
block, and all of the wells have been plugged and abandoned. Pressure data in Fault Block III 
may become available in the future as part of the reservoir monitoring program.
The estimates of average reservoir pressure for Fault Blocks I and II is also shown in 
Figure D.8. When obtaining the average reservoir pressure history for use in the modelling 
study, more weight was given to those data points which agreed with other wells. A curve was 
drawn on a plot of pressure versus time overlaid with the estimated total voidage rate for the 
reservoir as shown in Figure D.4. The steepness of the pressure slope between pressure data 
points was correlated to the total voidage rate. That is, if the total voidage rate was relatively 
high, then a relatively high slope would be imposed. Since the range o f pressures exhibited was 
so wide, a HIGH and LOW case were estimated.
The estimate of the average reservoir pressure was substituted for the average reservoir- 
aquifer boundary pressure in the aquifer model. Recall inherent in the general material balance 
equation is the assumption that the reservoir is at the same pressure everywhere. Therefore, the
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pressure substitution serves to maintain consistency when combining the material balance model 
with the aquifer model.
During the course of this modelling study, both a high and low case for the estimated 
pressure and production histories were considered. The production estimates were lowered by 
25% based on the apparent error calculations. Since the gas and water production were directly 
linked to the oil production, the same factor was used on these volumes as well. Shown in 
Figure D.9 and D.IO are some of the results of the modelling study of Fault Block I and II.
The red circles (high production case) and the blue triangles (low production case) 
denote cumulative water influx calculated with the material balance equation. The solid lines 
denote the matches achieved from the aquifer model. The dashed curve denotes the pressure 
history input into the models. For the material balance calculations, the original oil in-place was 
calculated volumetrically to be 10.8 MMSTB. Notice the match was achieved in all cases with a 
aquifer to reservoir radius of 15 and an average aquifer permeability of 5 md. The final match 





Figure D.9: Match of water influx behavior for HIGH pressure case.







Figure D.IO: Match of water influx behavior for LOW pressure case.
Notice that the thickness ranges from 21.5 feet to 35 feet. Recall that the logs indicate a 
general thinning trend toward both the up-dip and down-dip reservoir boundaries. The combined 
net pay of the C-1,2,3 Sands near the water-oil contact in Fault Block II is 50 to 60 ft. If the 
thinning trend is assumed to continue through the aquifer, the matched thickness range seems 
reasonable. Notice that the best match was obtained with the high pressure cases. Since the 
average pressure is known with more certainty after production has ceased (post-1993), then 
greater weight was given to a match over the period 1993-95.
In order to match the shape of the water influx curve from 1993 to 1995, an aquifer 
smaller than 20 and larger than 10 times the aquifer radius was required. In order to obtain a 
reasonable water influx prediction from the aquifer model for this size range and the given 
pressure history, a low degree of permeability was required. A listing o f other parameters held 
constant during the modelling study is shown in Table D.3. Some o f these parameters were 
calculated based on the reservoir geometry or reservoir temperature and pressure, and the rest
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were assumed based on experience. The porosity of 15% was used due to the low degree of 
permeability which was required.
Table D J: Base param eters held constant in all cases run for w ater Influx model.
Param eter Base
Effective compressibility (psips) 7.0
Water viscosity (cp) 0.25
Porosity (%) 0.15
Angle open to flow (degrees) 78
Reservoir Area (acres) 142
Reservoir Radius (ft) 3018
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